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Abstract
Formation damage is a common phenomenon and is impaired to the reservoir by reducing the productivity. Formation damage 
is usually caused by solids plugging, clay swelling, saturation changes, etc., and fracturing fluids with a series of chemical 
additives are pumped into the well for production enhancement. It is difficult to optimize the fracture fluids and well shut-
in time due to lack of fundamental understandings. Currently, little research has been done to investigate the mechanisms 
of formation damage at the pore scale. In this study, a combination of digital rock technology and core sample laboratory 
soaking experiments is used to evaluate the formation damages for different fracture fluids in tight sandstone reservoir. Three 
core samples from a full-diameter core are soaked in three different fracture fluids (surfactant, polymer, and gel) for eight 
different durations (from 2 h to 15d) to simulate well shut-in process. The samples in various soak times are scanned by X-ray 
micro-computer tomography (Micro-CT) to obtain the 3D images of the true geometry. The images are then compared to 
optimize the fracture fluids and quantify the damage degree after various well shut-in times. Then, displacement processes 
are simulated using lattice Boltzmann method (LBM) to evaluate the residual oil saturations and optimize the well shut-in 
time. The study suggests that the well shut-in process can cause irreversible damage to tight sandstone reservoir even for 
optimized fracture fluid. In the initial shut-in stages, clays swelling dominates pore structure alteration and reduces the 
porosity. Calcite will dissolute after which lead to slight porosity increase. In the flowback process after well shut-in, the 
simulated residual oil saturation will decrease initially and then increase after, which is complied with the porosity variation. 
The digital rock technology combined with the soaking experiments will provide alternative method for the evaluation of 
formation damage and the optimization of well shut-in time in tight sandstone reservoir, which can guide the selection of 
the fracture fluids and onsite fracturing operation.
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Introduction

In recent years, unconventional resources have gained popu-
larity increasingly. Stimulation with the fracturing fluids is 
the main means for the effective development and produc-
tion of tight reservoirs. Since the fracturing fluid will enter 
the matrix and have reactions with the mineral, the rock 
and fluid contact time will directly affect the stimulation 

effect. Thus, the formation damage evaluation and shut-in 
time optimization are crucial.

The conventional method for formation evaluation of 
fracturing fluid is to compare the permeability before and 
after the fluid invasions (Liang et al. 2017; Rui et al. 2018; 
You et al. 2019). And large-scale physical simulation experi-
ment and macroscopic-scale numerical simulation are com-
bined to obtain optimal well shut-in time (Izgec 2009; Li 
et al. 2011; Cense et al. 2011; Vocke 2018; Wang et al. 
2020). However, the conventional laboratory techniques 
to determine the physical properties (such as porosity, 
mercury injection, and relative permeability) are usually 
based on perfectly cylindrical core plugs or large amounts 
of crushed-rock materials (Mcphee et al. 2015). The high-
quality core requirements and usually destructive experiment 
will invisibly increase the time and the cost for conventional 
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laboratory experiments, especially for tight reservoirs (Wang 
et al. 2016; Xie et al. 2017). Also, the poor petrophysical 
properties make it difficult to exploit the unconventional 
resources by conventional laboratory methods. These prob-
lems have promoted the oil and gas industry to search for 
more advanced technologies.

The digital rock (DR) technology, combined with X-ray 
computed tomography (CT) and direct numerical simula-
tion (DNS) based on the scanned 3D geometry images, 
has drawn interests of scholars in recent years, due to their 
advantages in visualization and time effective for predicting 
the physical properties (Rassenfoss 2011; Walls 2012; Fre-
drich 2014; Mukherjee 2016; Jerauld 2017). DR analysis has 
been performed to simulate the routine core analysis (RCA) 
such as porosity and permeability, as well as special core 
analysis (SCAL) such as capillary pressure, relative perme-
ability, and electrical properties. (Zhao et al. 2010; Singh 
et al. 2011; Sun et al. 2017, 2019). Pore-scale digital rock 
data could provide direct information of the pore geometry 
and pore throat distribution, which will improve the under-
standing of the reservoir characterization and enhance the 
reservoir performance and hydrocarbon recovery (Mclendon 
et al. 2014; Andrew et al. 2014; Guo et al. 2018).

In this study, we combine the laboratory soaking experi-
ments with DR technology to evaluate the formation dam-
ages for various fracture fluids in tight reservoir for Daqing 
oilfield, Northeastern China. Three core samples from a full-
diameter core are soaked in three different fracture fluids 
(surfactant, polymer, and gel) for eight different durations 
(from 2 h to 15d). The samples after various soak times 
are scanned by micro-CT to obtain the true 3D geometry. 
The images are compared to optimize the fracture fluid and 
quantify the damage degree after various well shut-in times. 
Then, the displacement processes are simulated using lattice 
Boltzmann method (LBM) to evaluate the residual oil satu-
rations and optimize the well shut-in time. This method will 
provide alternatives for formation damage evaluation and 
guide onsite fracturing operation in tight sandstone reservoir.

Methods

Laboratory experimental design

Six micro-core samples with a physical size of 10–20 mm3 
are drilled from two full-diameter cores of two wells (three 
samples each well) located in Daqing Oilfield, Northeastern 
China. Laboratory experiments are carried out as follows: 
(1) The samples are divided into two groups according to 
their well numbers (A and B) and scanned by micro-CT 
to generate the true 3D geometries. The calculated average 
porosity and permeability are 5.56%, 0.84mD and 2.28%, 
0.43mD, for well A and B, respectively. (2) Three samples 
in each group are soaked in three different fracture fluids, 
that is, surfactant, gel and polymer, under reservoir con-
ditions (20 MPa, 194 K) for eight different durations (2 h, 
6 h, 12 h, 1 day, 2 days, 3 days, 7 days, and 15 days). After 
each soaking time, the samples are then taken out for micro-
CT scanning with a resolution of 0.5 µm. (3) The scanned 
images are compared with the images of the original cores 
to visualize and quantify the alterations in pore structures. 
Porosity reduction is calculated to quantify the formation 
damage degrees for different soaking durations, and the frac-
ture fluid for such formation can be then optimized. (4) The 
3D pore structures of different soaking durations will be 
used for multiphase flow simulation to mimic the flowback 
production process and optimize the well shut-in time.

The micro-CT used in this study is nanoVoxel-3502E, 
manufactured by Sanying in China. The view field of the 
equipment is the industry's top 1920 × 1920 × 1920 grid. And 
the scanner is equipped with a microfocus ray source up to 
300 kV, which ensures the high-precision detection capabil-
ity. There are a ray source on one side and a signal receiver 
on the other side (Fig. 1). The samples are fixed on the mid-
dle turntable and rotate at low speed. Hundreds of sample 
images were taken from different angles, and then, image 
reconstruction is carried out to obtain the three-dimensional 
structures. The limit of the scanning resolution is 0.5 μm.

Fig. 1   Samples and internal 
structure of micro-CT
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Core sample, fracture fluids information

Table 1 lists the mineral contents of the full-diameter core, 
and Table 2 shows the contents of clay minerals. The con-
tents of clay minerals of the two wells are very similar. How-
ever, the calcite content of well B is much smaller than that 
of well A.

Table 3 gives the detailed compositions of the three dif-
ferent fracture fluids in this study that are also widely used 
in the oilfield. Recently, environmentally friendly chemicals 
attract more attentions and the green IOR/EOR agents are 
investigated by a lot of researchers (Bing et al. 2018; Nasiru 
et al. 2020).

Image segmentation method

After high-resolution micro-CT scanning, the 3D images 
will be analyzed and segmented into pores and rock skel-
etons to build the 3D model. A trainable segmentation 
software was independently developed to improve the seg-
mentation efficiency and accuracy. The machine learning 
algorithm which uses the same fundamentals as WEKA 
was used for image segmentation in this study (Arganda-
Carreras et al. 2017). Two or more images will be manually 
selected as input images for training. The accuracy of the 
segmentation depends on the amount of the trained images. 
More trained images also mean longer calculating time and 

requirement for more powerful computing resources. It has 
been described in previous papers that the accuracy of any 
segmentation method cannot be taken for granted without 
rigorous validation because different segmentation methods 
may yield different levels of uncertainty even for a relatively 
simple sandstone (Blunt et al. 2012; Sun et al. 2017). The 
porosity resulting from segmentation by machine learning 
should be compared to that of laboratory experiment. As 
shown in Fig. 2a, the areas that are marked by green lines 
are typical rock skeleton, while the red line areas are typi-
cal pores. These marked areas acted as input information 
for training. Figure 2b is the segmented results by machine 
learning method. The porosity of the segmented 3D struc-
ture for sandstone (12.0%) is comparable with the laboratory 
measurement (12.5%).

Flow simulation method

LBM has attracted interest of researchers in oil and gas 
industry (Cancelliere et al. 1990; Martys and Chen 1996). 
LBM is a computational fluid dynamics approach based 
on the kinetic theory of gas. It can solve discrete velocity 
Boltzmann equation (DVBE). According to the classical 
asymptotic analysis of Chapman–Enskog (CE) expansion, 
the DVBE approximates a series of fluid dynamics equa-
tions including incompressible Navier–Stokes (NS) equa-
tion. The first-order CE expansion of the DVBE approxi-
mates the incompressible NS equation with a remainder 
up to third order of the Mach number. Therefore, LBM is 
effective for low-speed incompressible flow, especially for 
flow in porous media with irregular geometries (Shan and 
Doolen 1995; Kang et al. 2002; Pan et al. 2004). We used 
Shan-Chen multi-component multiphase flow model in this 
study to simulate two-phase flow. The previous work has 
been done using the LBM in other applications (Yang et al. 
2021a, b; Yang et al. 2021a, b). In this study, CT images 

Table 1   Mineral contents of samples

Samples Mineral contents, % Clay 
con-
tents, %Quartz Potassium 

feldspar
Plagioclase Calcite

Well A 35.9 0.9 16.1 33.5 13.6
Well B 45.3 1.0 22.1 9.0 22.6

Table 2   Contents of clay 
minerals

Samples Clay mineral content, % S, %

Smectite I/S Illite Kaolinite Chlorite C/S I/S C/S

Well A / 51 13 5 31 / 10 /
Well B / 52 10 3 35 / 10 /

Table 3   Fracture fluid composition

Composition Base fluid Crosslinker Crosslink ratio Gel breaker

Surfactant 2%Surfactant 30%KCL 40:1 Dilute 10 times
Polymer 0.25%Polymer + 0.4%Additives 40%Crosslinker 50:1 0.05% K2S2O8

Gel 0.45%Gel + 0.06%Na2CO3
 + 0.02%NaHCO3 + 0.4%additives
 + 0.08%Defoamer

4%GW150 + 7%DW90 50:1 0.05% K2S2O8
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are used for LBM simulation to investigate the residual oil 
saturation at various soaking times. Water displacing oil is 
simulated with a size of 4003 to mimic the flowback process. 
The inlet density is set to be 1.0/0.01, and outlet density of 
0.01/0.8 for water and oil, respectively. Thus, pressure dif-
ferential leads to two-phase flow with a capillary number 
of 10–5. We set the viscosity of water and oil equally where 
τw = τo = 1.

Results and analysis

Formation damage evaluation

Figure 3 shows the original gray images of core samples 
from well A soaking in different fracture fluids for different 
durations. Since the principle of CT imaging technology is 
based on the different absorption degrees of X-ray by sub-
stances with different densities, the lower the density is, the 
darker the color. Thus, the black represents pores or fluids, 
white represents calcite, and gray represents the grains as 
shown in Fig. 3. Various fluids are filled within the pore 
(shown in black), respectively.

In Fig.   3a,  the pore throat size has been 
increased slightly during the 2 hours' soaking in the sur-
factant, and the grain’s contact surface has already been 
dissolved after 7 day (red lines). In Fig. 3b, the pores in 
marginal area show a little increase after 2-h’s soaking in 
the polymer. Then, pore amplifying pushes toward the core 
center and calcite in marginal area is dissolved after 3 day 
(red circle). In the 7th day, nearly half of the calcites are 
dissolved and the whole structure is almost destroyed. In 
Fig. 3c, there is a negligible pore structure change after 2 h, 

3 days and 7 days soaking in the gel. Figure 4 shows the cal-
culated calcite percentage through CT images after various 
soaking time for different fluids, which clearly shows the 
calcite dissolution for polymer and negligible impact for gel.

Since the rock skeleton dispersion and particles trans-
port in later production period will cause a series of prob-
lems like pore throat blocking, surfactant and polymer are 
not preferable for such formation when compared with gel. 
Thus, the gel is selected as the ideal fracture fluid for well 
A, and the surfactant is the optimum fracture fluid for well 
B similarly. Figure 5 shows the 2D slices of core samples at 
various gel-soaking stages for well A.

As shown in Fig. 5, the pores show a little shrinkage in 
the 1st day and amplify gradually in the next few days. The 
clay minerals of the samples swell initially and lead to the 
porosity decrease. Then, the calcite is dissolved slightly after 
which leads to the porosity increase. Figure 6 shows the 2D 
slices of core samples at various surfactant soaking times 
for well B.

For the well A using gel as the optimized fracture fluid, 
the porosity shows 23.02% decrease during the first day. 
Since there are 13.6% clay mineral, clay swelling is the 
dominant mechanism for porosity decrease in this stage. 
Then, the porosity increases gradually resulting from the 
calcite dissolution which surpass the clay swelling later. 
However, the porosity does not recover to the original level 
after 15-day’s soaking. That is to say, the optimized gel 
fracture fluid would still cause 10.44% porosity decrease 
after 15-day’s well A shut-in. For the well B with the sur-
factant as the optimized fracture fluid, the porosity shows 
35.89% decrease during the first three days. Because the 
clay mineral content (22.6%) in well B is higher than that 
in well A (13.6%), the porosity decrease is much sharper. 

Fig. 2   Images before and after segmentation by machine learning method
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After, the porosity also increases gradually due to calcite 
dissolution. The porosity decreases by 13.17% in total 
after 15-day’s well B shut-in.

Porosity variation, defined as the ratio of the current 
porosity to the initial porosity of dry sample, is calculated 
to quantify the pore structure alteration at various times. 

Figure 7 shows the porosity variation for the optimized 
fracture fluid, the gel used in well A and surfactant used 
in well B.

Well shut‑in optimization

In order to optimize the shut-in time, oil displacing water 
process (namely, flow back production process) is simulated 
using LBM with the 3D structure data of different soaking 
durations to evaluate the residual oil saturations. Initially, the 
digital samples are fully water saturated. Figure 8 shows the 
simulated residual oil distribution at various shut-in times, 
based on the CT images for well A using gel. Figure 9 com-
pares the simulated residual oil saturation for the gel in well 
A and surfactant in well B, respectively.

The dry core sample has the highest residual oil sat-
uration, followed by the one after 1-day soaking in gel. 
The one after 3-day soaking in surfactant have the low-
est residual oil saturation. This outcome is complied with 
Fig. 7. Porosity decrease resulting from clay swelling will 
lead to residual oil saturate decrease after well shut-in. 

Fig. 3   Gray images of core samples (Well A) soaking in different fracture fluids for different durations

Fig. 4   Calcite variation after different fluids soaking durations (Well 
A)
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After, porosity increase resulting from calcite dissolution 
will lead to residual oil saturation increase. For the well A 
using gel, the porosity decreases by 23.04% in 1-day after 
shut-in, which leads to 40.37% decrease for the residual 
oil saturation. The porosity increases by 12.58% later 
which leads to 26.46% increase for the residual oil satu-
ration. After 15-day shut-in, the residual oil saturation 
reduces by  24.60% in total, and the porosity reduces 
by 10.53%. Thus, 6 h is recommended for the shut-in time 
in well A. For the well B using surfactant, the porosity 
decreases by 35.89% in the first 3-days after shut-in, which 
leads to 44.91% decrease in the residual oil saturation. The 
porosity increases by 35.44% later which leads to 29.43% 
increase for the residual oil saturation. After 15-day shut-
in, the oil saturation reduces by 28.69% in total and the 

porosity reduces by 13.17%. Similarly, 1 day is recom-
mended for the shut-in time in well B.

Conclusions

In this study, digital rock technology is combined with 
the laboratory fracture fluids soaking experiments to evalu-
ate the formation damages for tight sandstone reservoir. 
Fracture fluid is optimized by comparing the CT images of 
core samples soaking in different types of fracture fluids at 
various time intervals. The flowback process is simulated by 
LBM to obtain the residual oil saturation, and the optimum 
well shut-in time is recommended. This method of fracture 
fluids and well shut-in time optimization will provide fun-
damentals to guide the selection of the fracture fluids and 

Fig. 5   2D slices of core samples at various gel soaking intervals for Well A (Blue denotes pore, and gray denotes rock skeleton)
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onsite fracturing operation. This in situ technology can also 
be used to optimize the EOR operations, such as quantifica-
tion of wettability for surfactant or low salinity waterflood, 
variation of pore structure for polymer or bright waterflood  
(Tadesse et al. 2016; Frampton et al. 2004). Based on the 
results, we can conclude that:

(1)	 From CT images and porosity calculation, the well 
shut-in process can cause irreversible damage to tight 
sandstone reservoir even for the most preferred frac-
ture fluid. In the initial shut-in stages, clays swelling 
dominates the pore structure alternation and causes the 
porosity decrease. After, calcite dissolution will lead to 
slight porosity recovery as shown in Figs. 4 and 7. This 
phenomenon can be clearly observed by comparing the 

Fig. 6   2D slices of core samples at various surfactant soaking intervals for Well B (Blue denotes pore, and gray denotes rock skeleton)

Fig. 7   Porosity variation after different fluids soaking durations
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CT images before and after the experiments at various 
soaking times.

(2)	 We simulated the two-phase flow based on the CT 
images at various soaking times to mimic the flowback 
process after well shut-in. The simulated residual oil 
saturation will decrease first and then increase after, 
which is mainly due to the porosity change caused by 
clay swelling initially and calcite dissolution after.

(3)	 Since the 3D pore structure in different well shut-in 
periods does not take the dispersion or dissolution of 
the clay particles into consideration, the actual oil satu-
ration in flowback process will probably be much lower 
due to the mineral dispersion, transportation, and depo-
sition. A further study of the sediment’s transportation 
is recommended.

Fig. 8   Fluid distributions for simulations of water displacing oil (Blue denotes water, and red denotes oil)

Fig. 9   Residual oil saturations after different soaking durations
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