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Abstract
Laboratory-based nuclear magnetic resonance (NMR) measurements from cores and the distribution of transversal T2 
relaxations are usually employed for modelling petrophysical properties of reservoir rocks, due to their sensitivity to pore-
size distribution, which invariably controls capillary pressures and permeabilities. Several methods have been proposed to 
derive synthetic drainage capillary pressures directly from NMR data. However, most approaches lack geologic calibration 
of the dataset and empirical correction factors are usually introduced in the scaling factor to improve the capillary pressure 
prediction at low wetting phase saturation. Volokitin et al. (A practical approach to obtain primary drainage capillary pres-
sure curves from NMR core and log data, SCA-9924, 2001) proposed an approach for NMR T2 capillary pressure modelling 
based on a relationship between the NMR T2 and pore-throat distribution embedded within a single universal proportion-
ality parameter termed kappa, κ; where: they concluded that the universal scaling factor, κ = 3 psi Hg s seems to work for 
all clastic reservoirs. In this present work, analysis aimed at validating the existence of the proposed relationship between 
measured capillary pressures and inverse NMR T2 distribution after Volokitin et al. indicate a nonlinear relationship. Pore 
throat distribution and accessible pore volumes analysis using a full-bore core mercury injection capillary pressure data 
from the Niger Delta Deep Water canyon reservoir demonstrates a single kappa factor is insufficient in characterizing pore 
throat distribution for reservoir with complex lithologies. Measured capillary pressures were compared with NMR derived 
ones for calibration with emphasis on various genetic reservoir units (lithofacies association). It suffices then to conclude 
that there exists no direct linear relationship between the NMR T2 distributions and pore throat distributions. In addition, 
a constant scaling factor for kappa is insufficient in modelling subsurface capillary pressures/pore throat distribution from 
NMR T2 data. An improved approach for NMR capillary pressure modelling can be obtained through local calibration, pos-
sibly allowing the kappa, κ scaling factor to vary as a function of rock types (pore size/grain sorting) and influence of clay 
diagenesis within the clastic system. The method has been applied successfully to a number of core samples from the clastic 
turbidites with a wide range of permeabilities. The NMR derived and primary drainage mercury injection capillary pressure 
curves show a very good agreement.

Keywords NMR T2 distribution · Mercury injection capillary pressures · Genetic reservoir units · Niger delta · Clastic 
reservoirs · Turbidites

Introduction

An alternative approach to derive primary drainage capillary 
pressures from core NMR measurements and their associ-
ated distribution of transversal (cross-sectional) relaxation 
T2 times from well data was developed by Volokitin et al. 
(2001). The approach relies on an underlying assumption 
that a relationship exists between pore-body radius (as 
represented by the NMR T2 distribution) and pore-throat 
radius (which drives capillary behavior). The hypothesis is 
the resulting relationship (between the NMR T2 distribution 
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and pore-throat distribution) embedded within a single uni-
versal proportionality parameter termed kappa, κ; where:

where σ is the interfacial tension; θ is the contact angle 
between the fluid interface, and the pore wall, and rneck is 
the pore-throat radius.

They concluded that the universal scaling factor, 
κ = 3 psi Hg s seems to work for all clastic reservoirs, and as 
such making their technique very valuable in exploration wells.

Arogun and Nwosu (2011) tested the Volokitin et  al. 
hypothesis in one of the deep water turbidite reservoirs in 
Niger Delta, composed of four genetic reservoir units: chan-
nel storey axis (CSA), channel storey margins (CSM), inter-
channel (ICTB) and mud-rich thin beds (MRTB) units. The 
genetic reservoir units (simply lithofacies associations) are the 
result of a practical subdivision of a reservoir into components 
which have a consistent range of reservoir properties, a consist-
ent external geometry, and a set of log responses (electrofacies) 
by which they can be consistently recognized. This up-scaling 
step from lithofacies to genetic reservoir unit (micro to meso-
scale) is a key stage in the reservoir geological modelling pro-
cess. They proposed a scaling factor, κ = 10 psi Hg s as suitable 
for estimating realistic capillary pressures from T2 distribution 
against earlier works by Volokitin et al. which postulated a 
universal scaling factor, κ = 3 psi Hg s. This depicts that the 
Volokitin “universal” conversion factor was not universal and 
varies with depositional environments.

In an effort to estimate pore throat radius in uncored res-
ervoir intervals using same deep water dataset from earlier 
works for the clastic turbidite sequence, various kappa scal-
ing factors within acceptable minimum and maximum limits 
were evaluated.

Data analysis and model formulation

Figures 1 and 2 present dataset obtained from well logs and 
laboratory special core analysis (at a net confining stress 
of 1850–1950 psi) and routine core analysis from 11 core 
samples at depths between 9000 and 10,000 feet, from the 
Deep Water Canyon reservoirs within the Tertiary Niger 
Delta Province. This depicts log motifs for low resistive and 
low contrast pay. Pore throat distribution were computed 
using kappa values within acceptable limits to demonstrate 
their relationship with laboratory mercury injection capil-
lary pressure (MICP) data from a full-bore core. Figure 3 

(1)Pc = �

(

1

T2

)

kappa, � =
Pc

T2
−1
; andPc =

2� cos �

rneck
;

presents the pore throat distribution obtained from labora-
tory special core analysis employed as reference to the kappa 
predicted capillary pressure curves expressing the sample 
unimodality and rock fabric. This indicates a maximum of 
24% pore volume accessible to the channel storey axis unit.

Figures 4, 5, and 6 present pore throat distribution plots 
obtained from kappa-derived NMR capillary pressures 
using dataset from same well with mercury injection cap-
illary pressures from the deep water canyon reservoir. The 
analysis incorporated the Volokitin et al’s algorithm using a 
multiple regression analysis for kappa values of 2, 3, 5, 7 and 
10 psi Hg s. A scaling factor of 2 psi Hg s (see the bottom plot 
of Fig. 6) indicates appreciable correlation with the measured 
pore throat radius from MICP dataset compared to existing 
works for pore body/pore throat definition. Haruna and Ogbe 
(2017) evaluated these units using different approaches and 

Fig. 1  Capillary behaviors and log responses of the channel storey 
axis (CSA), margins (CSM), and inter-channel thin beds-deep water

Fig. 2  Mercury injection capillary pressure curves obtained from the 
deep water turbidite environment
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cross plots for RQI and FZI to ascertain geologic calibration 
and their impact on 3D reservoir characterization.

Varying the kappa scaling factor demonstrates the inad-
equacies of using a single proportionality constant in mod-
elling pore throat distribution greater than 10 microns, and 
thereby questions the proposed existence of a linear relation-
ship between the NMR T2 distributions and measured capil-
lary pressures. As such a single kappa factor is insufficient 
in characterizing pore throat distribution for reservoir with 
complex lithologies.

In addition, the existing kappa-based algorithm for trans-
forming NMR T2 distribution to capillary pressures under-
predicts the pore volume accessible to pore throat distribu-
tion for all Kappa values tested for all cases tested using the 
Deepwater Clastic Niger Delta dataset.

For all cases of kappa tested as presented in Figs. 4, 5, 
and 6, a maximum of 6.4% pore volume is accessible to the 
pore throat distribution for same reservoir unit. This denotes 
a 73% reduction in accessible pore volume compared to the 
laboratory-measured dataset.

In this present work, the laboratory-measured capillary 
pressures are compared with NMR derived ones for cali-
bration with emphasis on various genetic units. Preliminary 

Fig. 3  Pore throat size distribution obtained from mercury injec-
tion capillary pressure dataset indicating macropores greater than 
100 microns

Fig. 4  Pore throat size distribution derived from NMR capillary pres-
sure for kappa = 10 (after Olubunmi and Chike)

Fig. 5  Pore throat size distribution derived from NMR capillary pres-
sure for kappa = 7

Fig. 6  Pore throat size distribution derived from NMR capillary pres-
sure for kappa = 3 [after Volokitin et al. (top plot) and kappa = 2 (bot-
tom plot)]
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analysis aimed at validating the existence of the proposed rela-
tionship (Eq. 1) between measured capillary pressures and 
inverse NMR T2 distribution after Volokitin et al. indicate a 
nonlinear relationship as demonstrated in Fig. 7.

If Volokitin assumption as shown in Eq. 1 is valid, the 
plot in Fig. 7 should have yielded a straight line.

A possible averaging for the kappa proportionality con-
stant for the range of capillary pressures as described above 
for all dataset shows a negative exponential relationship 
between measured capillary pressures and inverse of NMR 
T2 distribution (Fig. 7).

The least squares best fit exponential model to the data as 
shown using Fig. 7 is then:

where kappa, κ is the shift factor for modelling the indi-
vidual sample dataset.

Analysis indicate that the linear relationship as embed-
ded within the kappa scaling factor as defined by Eq. 1, only 
exist beyond certain pressure threshold values.

Application of capillary pressure cutoff delineating the 
entry pressures for all samples as presented in Fig. 8 dem-
onstrates the aforementioned assertion (Eq. 2).

This implies that Volokitin et al. proposal is not valid for 
(Pc)cutoff equals zero or negligible; typical in homogeneous 
and well sorted formations. This is one of the motivations 
for the current study. A quick look analysis of Fig. 8 also 
indicates the possible presence of four (4) reservoir zones 
within the system.

The various values of kappa from Fig. 8 at NMR T2 inverse 
of 1 are 110, 60, 15 and 3 corresponding to the CSA, CSM, 
ICTB and MRTB genetic reservoir units respectively. NMR 

(2)Pc = ln

(

1

T2

)

�,

(3)log
[

(Pc)i − (Pc)cutoff

]

= log T2i
−1 ± log k.

capillary pressures were estimated from the relationship in 
Eq. 3 above and compared with laboratory-measured dataset.

Figure 9 presents a plot of mercury injection capillary 
pressures versus NMR predicted pressures using the relation-
ship in Eq. 3. This indicates a good correlation between both 
parameters at pressures beyond the imposed cut-off pressures.

The results demonstrate the weaknesses of existing meth-
odology in relating pore-body radius (as represented by the 
NMR T2 distribution) to pore-throat radius (which drives 
capillary behavior). It suffices then to conclude that there 
exist no direct linear relationship between the NMR T2 dis-
tribution and capillary parameters as proposed by Volokitin 
et al.

In addition, the constant scaling factor for kappa is insuf-
ficient in modelling subsurface capillary pressures/pore 
throat distribution from NMR T2 logs. This presents a need 

Fig. 7  Mercury injection capillary pressure curves versus inverse 
NMR T2 distribution for sample dataset indicating nonlinearity in 
relationship

Fig. 8  Mercury injection capillary pressure curves versus inverse 
NMR T2 distribution for samples dataset from indicating nonlinearity 
in relationship

Fig. 9  Mercury injection capillary pressure curves versus NMR 
derived capillary pressures indicating poor correlation at pressures 
below the imposed cut-offs for the entry pressures and transition zone
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for improved predictions through local calibration, possibly 
allowing the scaling factor to vary as a function of rock types 
(pore size/grain sorting) and influence of clay diagenesis 
within the clastic system.

The following sub-section presents an analytical meth-
odology for improved capillary pressures and pore throat 
radius estimation from NMR measurements based on genetic 
reservoir units’ averages of Kappa for the Niger Delta clastic 
reservoir as case study.

Flow unit based analytical methodology 
for NMR‑Pc calibration

The following steps were adopted for calibrating capillary 
pressures obtained from mercury injection pressures (Pc) to 
NMR T2 values:

1. Reservoir characterization: to integrate the distribution 
of depositional facies defined by geologic study with the 
vertical sequence of rock types determined from reser-
voir quality studies. In principle, the focus is to delin-
eate zones composed of similar rock types that are in 
hydrodynamic communication. Each flow unit possesses 
stratigraphic continuity with a strong relationship to pore 
geometries and capillary characteristics (entry pressures 
and irreducible water saturation).

2. Invert the NMR T2-distribution in porosity units (v/v)/
time-domain Carr–Purcell–Meiboom–Gill (CPMG) 
pulse echo decay to a standard T2-parameter-domain 
distribution (ms). Coates et al. (1999) presented how 

the processed T2 distribution with T2-bins ranging on a 
logarithmic scale depending on the NMR tool type and 
acquisition type that generates the T2 distribution data.

3. Generate the cumulative T2 distribution (sum of ampli-
tudes) curve. Altunbay et al. (2001) and Chen et al. 
(1998) demonstrated the relationship between core 
NMR measurements and NMR log data as presented in 
Fig. 10.

Usually the T2 cutoff or SBVI methods are typically used 
to partition the BVI of the T2 distribution. As demonstrated 
in the cumulative porosity distribution plot, the partitioning 
presents estimates for T2 cutoff and bulk volume irreduc-
ible (BVI). As illustrated, this corresponds to the maximum 
cumulative porosity where irreducible water saturation from 
the core NMR measurement intercepts the NMR T2 log.

4. Calibrating NMR T2 distribution to laboratory-measured 
MICP dataset.

Equation 4 indicates an inverse proportionality between 
capillary pressures and pore throat radius r; and recall that 
the T2 distribution is directly proportional to pore-body 
radius, Rb. It suffices to infer that T2 distribution and cap-
illary pressures are associated through the pore geometry 
provided there exist a correlation between pore-body and 
pore-throat size. For the clastic system, the grain size deter-
mines both the pore body and the pore throat radius, and as 
such a relationship between Rb and r can be expected.

Combining Eqs. 2 and 4, we obtain:

where β relates the pore-throat radius to the pore-body 
radius.

Note: beta (β) and rho (ρ) are obtained from the spheri-
cal pore assumption with the inclusion of surface relaxiv-
ity (rho) in the T2 equation. See Table 1 for typical clastic 
pore geometry and surface to volume analysis employed 
for the analysis.

The expression in Eq. 5 can also be summarized as:

(4)Pc = Pnw − Pw =
2 ⋅ � ⋅ cos �

r
.

(5)Pc =
2 ⋅ � ⋅ cos �

T2 ⋅ 3 ⋅ � ⋅ �
,

(6)Pc =

(

1

T2

)

�

Fig. 10  Illustration of T2 cutoff estimation process with NMR core 
measurements. a Incremental distribution and b cumulative distribu-
tion (after Chen et al. 1998)

Table 1  Typical clastic pore 
geometry and surface to volume 
analysis

Pore geometry Surface Volume Surface/volume (S/V)

Sphere (radius = Rb) 4πRb
2 4

3
�R

b

3 3/Rb

Cube (length = a) 6a2 a3 6/a
Open-ended cylinder (radius = Rb; height = h) 2πRbh �R2

b
h 2/Rb
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where κ is defined as:

The terms � and β vary with the mineral composition of 
the rock, and in a brine-wet rock, T2 in smaller pores will 
be less than T2 in large pores; consequently, identical pore 
water in different rocks can have a wide range of relaxation 
times because of variations in �.

Sørland et al. (2007) proposed the average surface relax-
ivity (�̄�) based on laboratory CPMG measurement for trans-
forming the T2 to pore body distribution. The �̄� is expressed 
as:

with εi being the volume fraction of pores with (S/V)i, and n 
is the number of bins for the NMR measurement.

Based on classification from the various units, average 
Kappa values were estimated using the proposed relation-
ships shown in Eqs. 7 and 8 above.

The calibrated kappa functions were further used to gen-
erate capillary pressures from the NMR T2 distribution.

Jin et al. (2012) proposed a methodology for comput-
ing the wetting-phase saturation (Sw) corresponding to the 
NMR-derived capillary pressures from the NMR T2 distri-
bution as:

where �T  is the total porosity; �(T2) is the T2 distribu-
tion in porosity units, and T2min is the minimum T2 of the 
distribution.

Applying NMR T2 cutoff to delineate the bulk volume 
irreducible (BVI) from the bulk volume moveable (BVM) 
presents an improved calibration of NMR-derived saturation 
to measured data, over existing works by Jin et al. (2012). 
This approach is based on the assumption that the smaller 
pore spaces are occupied by the wetting phase alone, and 
the irreducible water (Swirr) saturates the pores with T2 less 
than a threshold relaxation time (T2cutoff), whereas the fluids 
in pores with T2 > T2cutoff are movable.

Hence, the saturation of water at a height above FWL can 
be given by:

(7)� =
2 ⋅ � ⋅ cos �

3 ⋅ � ⋅ �
.

(8)�̄� ≡
n

∑

i=1

𝜀i

(

1

T2i

)

×

(

S

V

)

−1

(9)Sw(T2) =
1

�T

T2

∫
T2min

�(T �

2
)dT �

2
,

(10)
Sw(T2) =

1

�T

T2cutoff
∑

T2min

� (T2)�

⏟⏞⏞⏞⏞⏞⏞⏞⏞⏞⏟⏞⏞⏞⏞⏞⏞⏞⏞⏞⏟
BVI

+
1

�T

T2max
∑

T2cutoff

� (T2)��

⏟⏞⏞⏞⏞⏞⏞⏞⏞⏞⏞⏟⏞⏞⏞⏞⏞⏞⏞⏞⏞⏞⏟
FFI

,

where � =
2� cos �

3�T2h(�w−�HC)g
 ; and � is the genetic units averages 

of kappa.
NOTE: Due to the shallow depth of investigation of 

the NMR logging tool, the water saturation is the flushed 
(invaded) zone.

5. NMR derived capillary pressure curve does not neces-
sarily match the measured curve. Altunbay et al. (2001) 
demonstrated that the results differ in the entry capil-
lary pressures and irreducible water saturation. This is 
due to the fact that the capillary pressure curves goes 
down to the irreducible water saturation (Swirr) on the 
abscissa while the NMR derived curve goes almost to 
zero water saturation. The Swirr contains up to the BVI 
fluid volume. To achieve a match between the NMR 
derived versus the laboratory-measured capillary pres-
sure curve, it is necessary to rescale the NMR satura-
tion. As a measure of the fit quality for a given value 
of kappa, we introduced the average saturation error 
between the constructed NMR capillary pressure curve 
and the corresponding MICP. This saturation is the 
root mean square (RMS) average of saturation differ-
ences: Sw(Pc) − Sw(Kappa ⋅ T

−1
2
) . A plot of the measured 

water saturation ( S′
w
 ) versus NMR saturation (Sw-NMR) 

demonstrates a possible linear relationship between the 
response and predictor variable with a constant shifting 
parameter for the various genetic reservoir units. The 
shift parameters were calibrated for specific reservoir 
units, resulting in a master equation or averaged curve. 
Therefore, the calibrated NMR saturation ( S′

w
 ) can be 

expressed in the form of a linear relationship as follows:

where “A” and “B” are constants, while “C” is a genetic 
unit based shifting scaling parameter.

However, the modification of Swi results in altered ini-
tial T2 cut-off, and hence S′

w
 increases beyond 100%, which 

requires further recalibration to measured saturation.

NMR‑Pc calibration: application to reservoir 
characterization using the Niger Delta 
deepwater turbidites as case study

Data gathering and reservoir quality 
characterization

Figures 1, 11 and 12 present dataset from the Deep Water 
Canyon reservoirs within the Tertiary Niger Delta Province. 

(11)S�
w
= A + B(Sw-NMR + C),
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Detailed laboratory core analysis and description for lithofa-
cies definition, understanding the environment of deposition, 
and petrographic studies were made possible with assistance 
from Shell Nigeria. Conventional as well as NMR T2 spec-
trum logs were also obtained from same cored interval.

In this present work, the laboratory-measured capillary 
curves are compared with NMR derived ones for calibration 
with emphasis on various genetic units.

Petrographic data gives focus to pore bodies—their 
size, shape and relationship to rock fabric. MICP data on 
the other hand provides data on pore throats. The two data 

types are complementary and comparisons between the data 
types give extra insights into the pore system. A compari-
son of petrographic analysis, T2 distribution and MICP data 
together provides answers to following questions: (i) which 
pore type(s) provides the main pore connectivity and hence 
mostly impacts permeability? (ii) What is typical about pore 
throat size signatures for a particular genetic reservoir? (iii) 
What is the spatial architecture of the pore systems in vari-
ous distributions? and (iv) How can we quantify the poros-
ity composition per pore system? Table 2 presents the rock 
quality/petrofacies classification based on pore throat ranges 

Description Volume (%)
Granule 0.0
Very Coarse Sand 0.0
Coarse sand 0.0
Medium Sand 0.0
Fine Sand 0.1
Very fine Sand 5.3
Coarse Silt 22.9
Medium Silt 23.5
Fine Silt 12.3
Very Fine Silt 9.9
Clay 26.0
Granule 0
Very Coarse Sand 0
Coarse sand 0
Medium Sand 0
Fine Sand 5.2
Very fine Sand 38.7
Coarse Silt 32.8
Medium Silt 5.9
Fine Silt 4
Very Fine Silt 3.7
Clay 9.7
Granule 0
Very Coarse Sand 0
Coarse sand 0
Medium Sand 9.5
Fine Sand 32.4
Very fine Sand 24.4
Coarse Silt 8.9
Medium Silt 6.4
Fine Silt 4.8
Very Fine Silt 3.8
Clay 9.8
Granule 0
Very Coarse Sand 0
Coarse sand 0
Medium Sand 0
Fine Sand 9.5
Very fine Sand 37.7
Coarse Silt 23.3
Medium Silt 6.7
Fine Silt 5.8
Very Fine Silt 4.7
Clay 12.3
Granule 0
Very Coarse Sand 0
Coarse sand 0
Medium Sand 0
Fine Sand 6.1
Very fine Sand 31
Coarse Silt 25.5
Medium Silt 9.6
Fine Silt 7.3
Very Fine Silt 6.1
Clay 14.4

Petrographic Grain Size DescriptionPetrographic AnalysisGenetic 
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Fig. 11  Sample 1–5 employed for the study. This present petro-
graphic grain analysis, NMR T2 distribution and MICP distribution 
demonstrating various rock quality indicators; relationship between 

pore bodies and pore throats for various genetic reservoir units, 
within the Deep Water Niger Delta
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identified from petrographic and sieve analysis as well as 
pore throat radius distribution from mercury injection capil-
lary pressures. The 2 µm cutoff criteria (Onuh et al. 2015) 

for delineating micropores from macropores for the clastic 
system is also applicable to the dataset. This serves as a basis 
for preliminary definition of rock fabric and genetic units for 

Description Volume (%)
Granule 0
Very Coarse Sand 0
Coarse sand 6.7
Medium Sand 37.4
Fine Sand 34.8
Very fine Sand 10.8
Coarse Silt 3.2
Medium Silt 1.7
Fine Silt 1.2
Very Fine Silt 1.2
Clay 3
Granule 0
Very Coarse Sand 0
Coarse sand 4.6
Medium Sand 30.4
Fine Sand 35.3
Very fine Sand 15
Coarse Silt 5.2
Medium Silt 2.7
Fine Silt 1.7
Very Fine Silt 1.5
Clay 3.6
Granule 0
Very Coarse Sand 3.1
Coarse sand 16.6
Medium Sand 24.2
Fine Sand 19.3
Very fine Sand 13
Coarse Silt 7.5
Medium Silt 5.1
Fine Silt 3.2
Very Fine Silt 2.3
Clay 5.7
Granule 0
Very Coarse Sand 18
Coarse sand 29.7
Medium Sand 24.2
Fine Sand 15.4
Very fine Sand 6.6
Coarse Silt 2.7
Medium Silt 1.5
Fine Silt 0.9
Very Fine Silt 0.7
Clay 0.3
Granule 0
Very Coarse Sand 0.5
Coarse sand 17.6
Medium Sand 40
Fine Sand 24.7
Very fine Sand 7
Coarse Silt 2.7
Medium Silt 1.6
Fine Silt 1.3
Very Fine Silt 1.2
Clay 3.4
Granule 2.2
Very Coarse Sand 2.2
Coarse sand 10
Medium Sand 22.4
Fine Sand 29.9
Very fine Sand 19.7
Coarse Silt 5.3
Medium Silt 2.1
Fine Silt 1.8
Very Fine Silt 1.4
Clay 3
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Fig. 12  Sample 6–11 employed for the study. This present petro-
graphic grain analysis, NMR T2 distribution and MICP distribution 
demonstrating various rock quality indicators; relationship between 

pore bodies and pore throats for various genetic reservoir units, 
within the Deep Water Niger Delta
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all samples; and for classification of the dataset into groups 
of different porosity ranges.

Figures 11 and 12 demonstrates that for a given T2 distri-
bution at any given depth, a corresponding pore-body can 
be estimated as illustrated in Eq. 5. For the clastic system, 
the grain size of a given distribution also has a closely linked 
pore-size distribution. This in turn implies that NMR relax-
ation times will follow a distribution controlled by grain 
size distribution as demonstrated in Figs. 11 and 12. This 
presents the relationship between pore bodies as defined by 
the NMR T2 distribution, petrographic grain size distribu-
tion and pore throat embedded in capillary pressures from 
mercury injection.

Multiple pore types will have their individual size distri-
bution and each distribution will translate into individual T2 
distributions controlled by the pore sizes and their surface 
to volume ratio. Under this hypothesis, the observed T2 dis-
tribution will be the sum of multiple distributions, each cor-
responding to the size distributions of individual pore types. 
Identifying these individual distributions reveals information 
on pore types.

Detailed core analysis for lithofacies association from 
the available dataset depicts the four (4) prevailing genetic 
reservoir units within the deep water asset. Table 3 below 
presents the classification adopted for this study.

It is critical to understand that flow units may or may 
not correspond exactly with the depositional facies/genetic 
reservoir units defined in the geologic study. Figure 13 
presents a plot of the normalized cumulative reservoir 
quality index  (RQInc) versus depth employed for delineat-
ing the reservoir into several zones by observing changes 
in the slope. Consistent zones are characterized by straight 

lines with the slope of the line indicating the overall res-
ervoir quality within a particular depth interval. A lower 
slope indicates a higher reservoir quality and vice versa. 
Hydraulic units delineation based on the normalized res-
ervoir quality index shows a strong correlation with the 
genetic reservoir units’ classification and geologic core 
description.

The total dataset was subdivided into four flow units. The 
integration of reservoir quality information, engineering 
data, and field performance history into the detailed geo-
logic description of the reservoir is essential for any suc-
cessful reservoir characterization study. Figure 14 presents 
a plot of mercury injection capillary curves delineating the 
various reservoir units. This shows a strong correlation 
between the genetic units association, rock quality and cap-
illary parameters. This is evident of clay mineral diagenesis 

Table 2  Pore throat ranges of petrofacies

Pore throat types Size range (microns)

Megapores (petrofacies 1) > 10
Macropores (petrofacies 2) 5–10
Mesopores (petrofacies 3) 2–5
Micropores (petrofacies 4) 0.1–2
Nanopores (petrofacies 5) < 0.1

Table 3  Genetic units classification for the turbidite/deep water envi-
ronment

Fig. 13  Normalized cumulative reservoir quality index  (RQInc) versus 
depth indicating four (4) possible zones

Fig. 14  Measured capillary pressure curves indicating a relationship 
between the various hydraulic flow units and capillary parameters. 
Reservoir quality properties increase from the black curve (HFU 1—
mud rich thin bed units) with high irreducible water saturation and 
entry pressures to the green curve (HFU 4—channel storey axis units) 
with low Swirr and Pentry
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and its influence on grain size distribution/sorting. As such 
a relationship between pore bodies and pore throats will bear 
practical significance and relevance when constrained to the 
various genetic reservoir units.

Calibrating NMR T2 distribution to MICP dataset

Equation 6 depicts a relationship between measured cap-
illary pressures and the NMR T2 distribution. A semilog 
plot of laboratory-measured capillary pressure data and the 
inverse NMR T2 array data as presented in Fig. 15 for the 
channel storey axis reservoir unit, demonstrates an existing 
relationship with need for recalibration. Key emphasis is the 
relationship between end point capillary parameters (entry 
pressures and irreducible water saturation).

In an attempt to calibrate the NMR T2 log to measured 
capillary dataset, cumulative T2 distribution curves were 
generated for individual dataset belonging to the four (4) 
reservoir units. The emphasis is to establish key param-
eters relating capillary pressures to NMR T2 distribution, 
and the cut-offs for estimating the FFI, BVI, corresponding 
Swirr and total porosity. Figure 16 presents plots of NMR T2 
distribution indicating cumulative and incremental poros-
ity using dataset from HFU 4. The figure estimates the 
bulk volume irreducible (BVI) for Swirr modelling and total 

Fig. 15  Plot of mercury injection capillary pressure and inverse NMR 
T2 relaxation for the channel storey axis unit for a fully saturated sam-
ple. This indicates a fair relationship between capillary parameters 
that requires a recalibration for improved fit

Fig. 16  T2 relaxation plot for the channel storey axis unit for a fully 
saturated sample. The green dash lines indicates the cut-offs for esti-
mating the FFI, BVI, corresponding Swirr and total porosity deter-
mined from the sum of amplitudes

Table 4  Averages of genetic unit based kappa values for NMR capil-
lary pressure modelling for the turbidites/deep water environment

Genetic reservoir units Minimum
Kappa κ, 
(psi Hg s)

Mean
Kappa κ, 
(psi Hg s)

Maximum
Kappa κ, 
(psi Hg s)

Channel lag 1.50 1.90 2.10
Channel storey axis 1.80 2.10 2.30
Channel storey margin 2.00 2.20 2.50
Inter-channel thin beds (ICTB) 2.70 3.90 4.20
Mud-rich thin beds (MRTB) 4.53 5.00 5.40
Levees/overbank 6.40 7.50 8.20
Marine mudstone 8.00 8.40 9.20

Fig. 17  Measured capillary pressure (black) and NMR derived capil-
lary pressure (red) for the mud rich thin bed unit indicating a poor 
match
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porosity available to the free and bound fluid volumes. The 
figure depicts a BVI and total porosity of 0.06 and 31%, 
respectively.

This confirms a good correlation between the NMR 
derived Swirr and total porosity with the laboratory-measured 
parameters. This was applicable to all dataset available for 
the study.

Based on classification from the various HFUs, average 
kappa values were estimated using the proposed relation-
ships shown in Eqs. 7 and 8 above. Nonlinear regression 
analysis for confidence interval and limits for kappa applica-
bility for the various genetic reservoir units were performed. 
Table 4 presents averages of kappa values for the various 
genetic reservoir units defined for the deep water turbidite 
system. The calibrated kappa functions were used as input to 
generate capillary pressures from the NMR T2 distribution.

The modified relationship (Eq. 10) after Jin et al. (2012) 
was used to compute the wetting-phase saturation (Sw) cor-
responding to the NMR derived capillary pressures. Fig-
ure 17, 18, 19, and 20 display plots of capillary pressures 
from NMR T2 distribution and MICP.

As demonstrated for all dataset; NMR derived capil-
lary pressure curve does not necessarily match the meas-
ured curve. The results differ in the initial entry capillary 

pressures and irreducible water saturation. This is due to 
the fact that the capillary pressure curves goes down to the 
irreducible water saturation (Swirr) on the abscissa while the 
NMR derived curve goes almost to zero water saturation. 
The Swirr contains up to the BVI fluid volume.

To achieve a match between the NMR derived capillary 
pressure curve and the laboratory-measured curve, it is nec-
essary to rescale the NMR saturation. This involves correc-
tion for root mean square (RMS) average of saturation dif-
ferences between the NMR derived and laboratory-measured 
saturation. As a measure of the fit quality for a given value 
of kappa, we introduced the average saturation error between 
the constructed NMR capillary pressure curve and the cor-
responding MICP.

This saturation is the root mean square (RMS) average of 
saturation differences: Sw(Pc) − Sw(Kappa ⋅ T

−1
2
).

Figure 21 present a plot of the measured water saturation 
( S′

w
 ) versus NMR saturation (Sw-NMR) for the inter-channel 

thin bed reservoir unit demonstrating a possible linear rela-
tionship between the response and predictor variable with a 

Fig. 18  Measured capillary pressure (black) and NMR capillary pres-
sure (red) for the inter-channel thin bed unit indicating a poor match

Fig. 19  Measured capillary pressure (black) and NMR capillary pres-
sure (red) for the channel storey margin unit indicating a closer match 
between the entry pressures with much discrepancy with saturation 
(Swirr)
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constant shifting parameter for the various genetic reservoir 
units.

The shift parameters for the predictor variable were cali-
brated for the specific genetic reservoir units within the deep 
water turbiditic environment. For this reason, the procedure 

is applied to several samples from which an average value 
for each coefficient can be obtained as shown in Fig. 22 for 
S′
w
 versus Sw-NMR plot. This is equivalent to delivering a mas-

ter equation or averaged curve.
Therefore, the calibrated NMR saturation ( S′

w
 ) can be 

expressed in the form of a linear relationship as follows:

where A = − 0.2023, B = 0.9893, and; C = genetic unit based 
shifting scaling parameter (see Table 5).

Figures 23 and 24 present plots of predicted capillary 
pressures obtained from NMR log data and measured MICP. 
This demonstrates appreciable match with the measured 
core analysis dataset for all genetic reservoir units analyzed 
within the depositional environment. This was applicable to 
all dataset available for the study.

Conclusions

1. A constant scaling factor for kappa is insufficient in 
modelling subsurface capillary pressures from NMR T2 
logs.

2. An improved approach for estimating primary drainage 
capillary pressure curves from NMR T2 transversal dis-

(12)S�
w
= A + B(Sw-NMR + C),

Fig. 20  Measured capillary pressure (black) and NMR capillary pres-
sure (red) for the channel storey axis unit indicating a closer match 
between the entry pressures with much discrepancy with saturation 
(Swirr). The semi-log plot (below) scales the plot for better estimates 
of entry/displacement pressures

Fig. 21  Sw-LAB versus Sw-NMR for all samples within the channel sto-
rey margin unit. The black thick line represents the average curve

Fig. 22  Plot of Sw-LAB versus Sw-NMR for all samples within the vari-
ous genetic reservoir units. The red thick line indicates a possible 
averaging with various scaling factors for each unit

Table 5  The results for the estimated coefficients

Genetic reservoir units C

Inter-channel thin beds (ICTB) 0.05
Channel storey axis (CSA) 0.29
Channel storey margin (CSM) 0.30
Mud-rich thin beds (MRTB) 0.40
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tribution using a genetic unit based kappa scaling factor 
is developed using dataset from clastic origin.

3. Kappa scaling factor for capillary pressure and NMR 
logs calibration vary as a function of pore size/grain 
sorting, rock types (petro-facies) and influence of ther-
mal gradient on clay diagenesis within the clastic sys-
tem.

4. NMR derived capillary pressure curve does not neces-
sarily match the measured curve due to the RMS aver-
ages of saturation differences. Additional curve fitting 
procedure is required for accurate capillary pressure 
modelling. This can be obtained by either using a fitting 
procedure that gives an average scaling factor for match-
ing with measured data or the proposed modification 
after Jin et al. (2012).

5. The genetic unit averages of pseudo normalized pore-
throat radius as input parameter has been developed for 
applications in the absence of core and NMR log dataset.
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