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Abstract
The volumetric sweep efficiencies of  CO2 flooding for enhanced oil recovery (EOR) are generally low due to problems of 
viscous fingering and gravity override. This paper attempts to study a relatively new and promising method to reduce the 
mobility of  CO2 flooding and increase oil recovery under reservoir conditions. Referred to as alkaline-surfactant-alternated-
gas/CO2 (ASAG) flooding, this method is essentially the synergic combination of chemical and immiscible  CO2 flooding. 
In this work, chemical formulations were identified through foam stability tests based on their foaming ability coefficients. 
The selected formulations were further tested for their capabilities to reduce oil–water interfacial tensions (IFT) to ultra-low 
value. With the best performing formulations, the laboratory-scale core flooding experiments were conducted to evaluate 
their EOR potential. The core flooding experiments were performed with sandstone reservoir core samples from two different 
depths of a major depleted oil field of Upper Assam Basin, India. This study reports the successful application of a natural 
anionic surfactant (black liquor) as a co-surfactant and foaming agent during ASAG flooding. It was observed that higher 
oil recovery of 14.26% original oil in place (OOIP) was obtained by surfactant-alternated-gas (SAG) flooding compared to 
12.03% OOIP by immiscible  CO2 alternated with brine (WAG) flooding. The highest residual oil recovery of 20% OOIP 
was obtained for ASAG flooding with the alkali, surfactant and black liquor in the chemical slug. Oil recovery performances 
during SAG and ASAG flooding were found to be better for core samples with lower porosity–permeability due to stronger 
foam formation in lower permeability cores.

Keywords Enhanced oil recovery · Alkaline-surfactant-alternated-gas flooding · Surfactant-alternated-gas flooding · 
Foaming ability coefficient · Black liquor · Core flooding

Introduction

EOR processes include all those methods that mobilize and 
recover the oil left behind or that cannot be produced eco-
nomically by the conventional use of reservoir energy and 
pressure maintenance schemes with gas or water. Chemical 
flooding is one of the major EOR methods which involve 

the injection of water containing chemical additives. Cur-
rently, alkaline-surfactant-polymer (ASP) is considered as 
the most promising chemical EOR method having the abil-
ity to improve the microscopic sweep as well as the mac-
roscopic displacement efficiencies. Among the gas EOR 
methods,  CO2 flooding is the leading EOR technique for 
light and medium crude oil (Yongmao et al. 2004; Gogoi 
2013). Notwithstanding the successful application of  CO2 
EOR in many laboratory-scale and field-scale tests,  CO2 
cannot recover all of the oil in the formation because its low 
density and viscosity gives rise to a number of mobility and 
conformance issues (Enick and Olsen 2012; Farajzadeh et al. 
2012; Talebian et al. 2013; Yang Zhang et al. 2015). The low 
density of  CO2 gas relative to oil promotes gravity override, 
whereas low viscosity results in unfavorable mobility ratio 
leading to viscous fingering.

If the high mobility of  CO2 compared to oil and water 
can be controlled, a large part of the residual oil can be 
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recovered. The water-alternated-gas (WAG) technique had 
been accepted as the technology of choice to control  CO2 
mobility by the EOR industry (Enick and Olsen 2012). In 
WAG, both  CO2 and water are injected into the formation 
alternately in the ratio of 0.5 to 4.0 volumes of water to 1.0 
reservoir volume of gas to arrest the gas mobility. Inject-
ing water with  CO2 increases the water saturation and so 
decreases the  CO2 saturation in the pore spaces. This leads to 
a reduction of  CO2 relative permeability making the mobil-
ity ratio favorable with the resulting better sweep efficiency 
and improvement in the oil recovery efficiency (Zekr et al. 
2011). Although the WAG method is the state-of-the-art 
technique for  CO2 mobility control in porous media and is 
more efficient than  CO2 injection alone, the process leaves 
behind 35–65% original oil in place (OOIP). Furthermore, 
the large volumes of brine injected along with  CO2 prolong 
the life of the project, inhibit the contact of  CO2 and oil, and 
result in the production of large amounts of water.

To overcome the limitations of WAG, a new technique 
in the form of chemically induced water-alternated-gas had 
been developed to take advantage of the synergic combi-
nation of chemical and gas EOR methods. The types of 
chemicals commonly used are surfactants, co-surfactants, 
co-solvents, polymers, alkalis, salts, nanoparticles, etc. 
depending upon the specific application (Talebian et al. 
2013; Kumar and Mandal 2017). The technique is called 
surfactant-alternated-gas (SAG) flooding when surfactant 
solutions are alternately injected with gas to form foam in 
the porous media (Kibodeaux and Rossen 1997). The higher 
oil recovery obtained by SAG injection compared to WAG 
can be attributed to a number of factors like reduction of 
oil–water interfacial tension (IFT), better mobility control 
due to foam formation, mutual mass transfer between crude 
oil and injected gas, etc. Although foam can be formed by 
surfactant alternated with gas injection, clay minerals in rock 
matrix adsorb the surfactants and reduce the efficiency of the 
process. So alkali is added with the surfactant in the chemi-
cal slug, where alkali works as a clay stabilizer to reduce 
surfactant adsorption by rock grains. The addition of alkali 
also helps to convert naturally occurring naphthenic acids in 
crude oils to produce in-situ surfactant (soaps). It is assumed 
that a highly oil-soluble single pseudo-acid component (HA) 
is present in oil (Sheng 2015). This pseudo-acid component 
partitions into the aqueous phases upon contact with water, 
and due to subsequent hydrolysis of the alkali,  OH− ions are 
produced which react with acid species in the aqueous phase 
to form natural soaps NaA (soluble anionic surfactant). The 
presence of synthetic surfactants and natural soaps assists in 
further lowering of IFT to ultra-low value (< 0.01 mN/m) 
resulting in the formation of more stable foam which in turn 
increases the oil recovery efficiency. The process of co-injec-
tion or alternate injection of gas and alkali-surfactant slug 
which results in the formation of foam in the porous media 

is termed in the literature as alkali surfactant gas (ASG) or 
alkaline-surfactant-alternated-gas (ASAG) or low-tension 
gas process (Srivastava et al. 2009, 2011; Cottin et al. 2012; 
Guo et al. 2012; Lashgari et al. 2015).

ASAG flooding involves the alternate injection of chemi-
cal slug and  CO2 gas leading to the formation of foam in the 
reservoir at the gas surfactant contact due to the alternating 
imbibition/drainage cycles. In fact, field experiences suggest 
that ASAG would be advantageous than direct foam injec-
tion as it will minimize contact between gas and water in the 
injection facilities. This can help reduce corrosion and also 
improve injectivity. The ASAG process is relatively new, and 
only a few experimental works have been reported. Srivas-
tava (2010) observed increased oil recovery during alkali 
surfactant gas (ASG) core floods, conducted on Silurian 
dolomite and Berea sandstone rocks, due to the combined 
effect of foam and ultra-low IFT conditions (Srivastava 
2010). ASG slug was injected by co-injecting chemicals and 
gas into the core followed by ASG drive, which consisted of 
an aqueous solution of low concentration surfactant and gas 
 (CO2). The oil recoveries with ASG core floods were found 
to be comparable with ASP core floods, conducted under 
similar conditions. An important observation reported was 
that the negative salinity gradient concept, which is generally 
applied to chemical floods, increased foam strength during 
the ASG/CO2 flooding. When a negative salinity gradient 
is imposed, initial formation brine existing in the reservoir/
core at a Winsor Type II salinity is followed by a surfactant 
slug at optimal salinity, which is finally followed by a drive 
at Winsor Type I salinity. With the negative salinity gradient 
design, over-optimum salinity injected ahead of chemical 
slug bank and less-than-optimal salinity in the drive causes 
the salinity to become optimal somewhere in the surfactant 
bank due to dispersive mixing (Hirasaki et al. 1983). A sur-
factant formulation at the optimal salinity exhibits the lowest 
oil–water IFT and consequently results in the best oil recov-
ery (Romsted 2014; Torrealba and Johns 2017). Srivastava 
et al. (2011) conducted surfactant-alternated-gas (SAG) core 
flood experiments on Berea sandstone core and compared 
their displacement efficiencies with ASP core floods. They 
observed that incremental oil recoveries after waterflood-
ing with single cycle and two-cycle SAG processes were 
27.79 and 29.01%, respectively (Srivastava et al. 2011). 
Guo et al. (2012) reported a laboratory study of a novel 
alkaline/surfactant/foam (ASF) process using a specially 
designed alkaline/surfactant (AS) formulation and nitrogen 
gas. Bentheimer sandstone cores were used to perform the 
core flood experiments. They reported that alkali-surfactant 
(AS) flooding recovered only approximately half of the oil 
left after waterflooding, and ASF flooding without preflush 
of AS recovered slightly more than AS flooding. But with 
an AS preflush, ASF flooding recovered almost all the oil 
present in the core after waterflooding (Guo et al. 2012). 
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Cottin et al. (2012) conducted ASG and surfactant gas (SG) 
laboratory core flood experiments on carbonate core samples 
of middle east reservoirs and obtained promising results in 
favor of ASG flooding (Cottin et al. 2012). Majidaie et al. 
(2015) studied experimentally and with numerical simula-
tion the EOR potential of the novel chemically enhanced 
water alternating gas (CWAG) injection method. Alkaline, 
surfactant, and polymer additives were used in the chemical 
slug which was injected during the WAG process with  CO2 
gas. From the core flood experiments that were done using 
Berea sandstone cores, they observed that oil recovery using 
CWAG was better by 26% of the residual oil in place after 
waterflooding compared to the recovery using WAG. Their 
study also reported that attainment of ultra-low IFT  (10−2 
or  10−3 mN/m) during the CWAG process was critical for 
minimizing the water blocking effect (Majidaie et al. 2015).

In this study, the ASAG flooding was investigated by 
laboratory-scale core flood studies, using sandstone reser-
voir cores and crude oils from different depths of a depleted 
oil field of Upper Assam Basin, India, to evaluate its EOR 
potential. Earlier core flood experiments on ASG and ASAG 
were done on homogenous Berea and Bentheimer cores. In 
this work, actual reservoir cores from producing formations 
of the oil field were used to conduct the flooding experi-
ments. So, the performances of ASAG flooding on reservoir 
cores which are non-homogeneous and not reported in the 
literature were investigated in this study. The use of optimum 
chemical formulation is of utmost importance for the suc-
cess of ASAG flooding, so the application of black liquor 
(BL) as a co-surfactant for improving the performance of 
ASAG flooding was also studied in this work. Foam stabil-
ity tests were carried out to identify optimum performing 
chemicals and their concentrations with the best foaming 
ability. The selected formulations were then tested for their 
ability to decrease the oil–water IFT to ultra-low value. 
Finally, the screened formulations were used in the SAG 
and ASAG core flooding experiments and their oil recovery 
results were compared with WAG flooding. The experimen-
tal works and their results are presented in four parts. In the 
first part, crude oil and reservoir rock characterization of a 
promising reservoir of the oil field are presented. In the sec-
ond part, screening of chemical formulations for SAG and 
ASAG flooding are included. In the third and fourth parts, 
the IFT measurement of chemical formulations and the core 
flooding works, respectively, are presented.

Materials and methods

Materials

Anionic and nonionic surfactants together with a natu-
ral surfactant were used in the experiments. The nonionic 

surfactant Triton X-100 (TX-100), polyethyleneglycol 4-tert-
octyphenolether (MW = 250.382), was purchased from Sisco 
Research Laboratories Pvt. Ltd., India. Anionic surfactants, 
sodium dodecyl benzene sulfonate (SDBS)  (C18H29NaO3S, 
MW = 348.48), was procured from Sisco Research Labora-
tory Pvt. Ltd., Mumbai, India, and sodium dodecyl sulfate 
(SDS)  (NaC12H25SO4, MW = 288.372) from Merck (India). 
Another anionic surfactant, alpha olefin sulfonate (AOS) 
(RCH = CH(CH2)15SO3Na, MW = 320) a 32% yellowish 
transparent liquid was purchased from Aman Enterprises, 
India. The natural surfactant used was black liquor (BL), 
an anionic water-soluble surfactant, whose main constituent 
was Na-lignosulphonate and an effluent of Nowgong paper 
Mill, Assam, India. Sodium carbonate  (Na2CO3), the con-
ventional alkali, was purchased from Merck Specialities Pvt. 
Ltd., Mumbai. Sodium chloride used for adjusting the brine 
salinity was purchased from Merck Specialities Pvt. Ltd., 
Mumbai. The porous media were conventional reservoir core 
samples brought with courtesy from a nearby oil exploration 
and production industry from two main producing reser-
voirs/sands of a major depleted oil field of Upper Assam 
Basin, India, from depths of (2500–2700) and (2900–3100) 
meters. The crude oil samples and formation water for the 
study were obtained from the same oil field.

Experimental methods

Reservoir rock and crude oil analysis

Porosities of the reservoir rock samples were determined by 
measuring the bulk volume of the core plugs with the help 
of calipers and grain volume by the Boyle’s law double-cell 
method. The instrument used for grain volume determina-
tion was the TPI-219 Helium Porosimeter, Coretest Systems, 
Inc, USA. The liquid permeabilities of the core plugs were 
measured with LiquidPerm, Vinci Technologies, France, 
using the brine (3800 ppm NaCl) as the pore fluid. For each 
core plug, three readings were taken and their averages were 
calculated.

The laboratory analysis of crude oil is important to char-
acterize the crude of a particular reservoir and to make a pre-
liminary assessment of the application of any EOR method. 
In this study, the crude oils from two selected formation/
sands of the oil field were analyzed for their properties. All 
the samples were separated from water using separating fun-
nel at a temperature of 35 °C before carrying the detailed 
analysis. The ASTM D1298-67 [IP 150/68] hydrometer 
method was followed for the determination of the density 
of crude oil samples. The dead oil viscosity of the oil sam-
ples was measured with the GRACE M3600 Viscometer at 
the reservoir temperature. The IP 15/67 method was fol-
lowed to determine the pour points of the crude oil sam-
ples. The asphaltene content of oil samples was measured 
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by asphaltene precipitation with n-heptane (ASTM D2007-
80). Resin content was estimated according to Hubbard and 
Stanfield (1948) method, and the acid number of the crude 
oils was determined by titration method.

Foam stability test

Foamability and foam stability are two important proper-
ties of foam that determine its propagation during foam-
based EOR. Foamability is defined as the capability of the 
surfactants to form foam, and foam stability is described 
by the variations of foam height or volume with time, fol-
lowing foam generation (Belhaij and Al-Mahdy 2015). In 
foam stability test, surfactants were tested for their ability 
to form stable foam and to provide suitable concentration 
for preparation of formulation. In this work, the foamability 
and foam stability of different surfactants and their mixtures 
were studied to screen chemical formulations for core flood 
studies.

For the foam stability test, equal volumes (2 ml) of the 
surfactant solutions in distilled water/brine were dispensed 
in test tubes over which specific volumes of crude oil were 
added. The test tubes were then shaken in Tarsons Rotospin 
Rotary Mixer at a speed of 50 rpm for 6 h, which resulted in 
the formation of foam at the top of the liquid column. After 
foam generation, the initial foam volume (Vi) and the time 
for dewatering half volume from foam (t1/2) were noted by 
visual observation (Srivastava et al. 2009; Bera et al. 2013). 
To measure the foaming ability of a particular system, the 
foaming ability coefficient (Fq) was used, which was defined 
as (Wang et al. 2001):

The systems with best foaming ability exhibit the highest 
values of Fq. The most efficient foaming formulations were 
screened for core flood studies where their efficiencies in 
enhancing oil recovery were tested.

Interfacial tension measurements

The formulations screened through foam stability tests were 
further evaluated for their ability to reduce the oil–water 
IFT to a sufficiently low value. The interfacial tension (IFT) 
between crude oil and surfactants solutions was measured 
using a Grace M6500 Spinning Drop Tensiometer at a con-
stant rotation of 6500 rpm. The IFT values were calculated 
using the following Vonnegut’s equation while maintaining 
drop length to diameter (L/D) greater than 4 (Kirubanandan 
2015).

(1)Fq =
3

4
t1∕2Vi

(2)� =
Δ��2

4
r
3

where Δ� is the density difference between the crude oil 
and the surfactant solution, g/cm3; � is the angular velocity, 
rad/s; λ is the IFT, mN/m; r is the radius of the drop in the 
circular cylinder, cm.

Core flooding

The core flood tests were conducted to determine the oil 
recovery efficiencies by injecting a fluid into a core plug 
containing reservoir fluid. The tests were done at various 
pressures and reservoir temperature. The schematic of the 
core flooding system is shown in Fig. 1. Gas and liquid 
enter a T-section right before the core inlet line. Pressures 
were measured at the inlet and at the outlet. The core flood 
system consisted of three liquid pumps, a  CO2 cylinder 
with regulator and gas flow controller, back-pressure 
regulator (BPR), Hassler core holder, pressure transduc-
ers, data acquisition system, and oven. The ASG flooding 
experiments were conducted with the same procedures 
as followed by previous authors (Syahputra et al. 2000; 
Liu 2007; Srivastava et al. 2009; Yin et al. 2009; Samanta 
et al. 2012). After the core plug was prepared by clean-
ing and drying, its weight was taken and the pore volume 
(PV) of the core plug was determined from its dimensions 
and porosity. The core plug was placed in the Hassler core 
holder, and brine (3800 ppm NaCl) was injected by the 
liquid pump to saturate the core plug at room temperature 
(about 30 °C). Several PVs were injected into the core at 
a constant flow rate to completely saturate the core with 
brine. The absolute permeability of the core to brine was 
then determined using Darcy’s equation. After brine satu-
ration, crude oil was injected into the core plug at a con-
stant rate until the effluent was 100% oil. At the end of oil 
saturation, connate water saturation (Swc) was determined 
based on mass balance calculations and oil relative perme-
ability (Ko) was determined at Swc. The oil-saturated core 
plugs were maintained at 70 °C for 24 h. The purpose of 
this aging procedure was to allow for possible wettability 
alteration. After aging, the original oil in place (OOIP) in 
the core plug was determined by mass balance calcula-
tions. The waterflooding was then carried out by injecting 
the same brine (3800 ppm NaCl) at the same constant rate. 
At the end of waterflood, the residual oil saturation (Sor) 
in the core was determined by measuring the volume of 
crude oil collected in the measuring cylinder and doing a 
mass balance calculation. After waterflooding, the tertiary 
recovery, i.e., EOR techniques were applied for determin-
ing the residual oil recovery potential of these methods. In 
case of  CO2 alternated with brine (WAG) flooding, 0.25 
PV of  CO2 gas was injected continuously at the rate of 
0.2 ml/min followed by injection of approximately 0.25 
PV of brine. At least 6 cycles of WAG were continued, 
followed by a continuous brine flooding until no more oil 
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was produced and the incremental oil recovery was noted. 
For SAG flooding, 0.25 PV of best performing surfactant 
slug formulation were alternately injected with 0.25 PV of 
 CO2 gas (injected at the same rate). At least 6 cycles were 
repeated, followed by injection of extended chase water 
(brine) flooding till no more oil was produced in the efflu-
ent. The incremental oil recovery was noted. For ASAG 
flooding, the same injection method as SAG flooding was 
followed with the best performing AS formulation. The 
core flood system temperature throughout waterflooding, 
WAG, SAG, and ASAG flooding methods were maintained 
at reservoir temperature of 70 °C.

Results and discussion

Reservoir rock and crude oil analysis

Core analysis was done with 1.5 inch diameter cleaned and 
dried reservoir core plugs. The porosities and absolute per-
meabilities of the core plugs from depths of (2900–3100) 
meters were in the range of 17.62–18.62% and 2–3 md, 
respectively, whereas for the shallower depth (2500–2700 m) 
core plugs, the respective values of porosities and absolute 
permeabilities were in the range of 24.64–25.15% and 
25–30 md respectively. An inverse correlation was observed 
between porosity–permeability and depth for the porous 
media under study. The most obvious reason for this inverse 

relationship was due to the combined effects of compaction 
and cementation (Nelson and Bird 2005).

Table 1 presents the results of the crude oil analysis. The 
API gravities of the two crude oil samples were found to 
be 23° and 31°API, indicating that the oil field produces 
medium gravity crudes. The dead oil viscosities of the 
crudes were 9.3 and 4.46 cP measured at reservoir tempera-
ture (70 °C). Viscosities of crude oil play an important role 
during its recovery. High viscosity leads to high remaining 
oil saturation after waterflooding and conformance prob-
lems during chemical and gas EOR processes. High pour 
point crudes generally have pour points in the range from 
15 to 52 °C and may be solid at room temperature (27 °C). 

Fig. 1  Schematic of the core 
flooding system
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Table 1  Properties of crude oil samples collected from Assam oil 
field

Properties Sample 1 Sample 2

Name of reservoir RS-3 RS-5
Average depth (meters) 2500–2700 2900–3100
Density (kg/m3) at 60 °F 917 871
API gravity 23 31
Dead oil viscosity (cP) 9.3 4.46
Pour point (°C) 27 24
Asphaltene content (%) 0.8 1.4
Resin content (%) 5.80 16.30
Acid number (mg/g) 1.4 2.1



252 Journal of Petroleum Exploration and Production Technology (2019) 9:247–260

1 3

The higher value of pour point is generally associated with 
crude oils of high paraffin content and the lower value of 
pour point with crudes of more aromatic nature. The pour 
points of the crude oils were obtained as 24 and 27 °C, 
respectively. These values agree well with data reported in 
the literature (Kandwal et al. 2007; Pillon 2007).

Asphaltenes are the polar, polyaromatic, high molecular 
weight hydrocarbon, and the wax-free fraction of crude oil 
that are soluble in toluene, but insoluble in alkanes (n-hep-
tane to n-pentane) (Rabbani et al. 2012). Asphaltenes tend to 
remain in solution under reservoir temperature and pressure 
conditions stabilized by resins adsorbed on their surface. 
Asphaltenes may start to precipitate if the stability of crude 
oil is destabilized caused by changes in temperature and/or 
pressure during primary depletion. Asphaltenes may also 
become unstable as a result of the mixing of fluids as well 
as during gas injection for EOR operations (Ghedan 2009). 
During  CO2 flooding, the asphaltene-to-resin ratio of crude 
oil is altered causing asphaltene precipitation and therefore 
its deposition (Srivastava and Huang 1997). This is one of 
the major problems that confront petroleum engineers dur-
ing a  CO2 flooding project. Resins have the effect of keep-
ing asphaltenes in solution. A high resin-to-asphaltene ratio 
(R/A) indicates that asphaltenes are less likely to come out 
of solution (Bon and Sarma 2004). Leontaritis and Man-
soori (1987) presented a condition for asphaltene stability as 
follows: R/A > 3.0 as steady state, 2.0 < R/A < 3.0 as meta-
steady state and R/A < 2.0 as unsteady state (Leontaritis and 
Mansoori 1987; Sepulveda et al. 2015). The R/A for the 
present crudes was greater than 3, so based on the Leon-
taritis criterion, there were enough amounts of resins for 
asphaltene stabilization.

Acid number is a measure of the amount of acidic compo-
nents present in a crude oil. It is expressed as the milligrams 
of KOH that is required to neutralize 1 gm of oil sample. 
In alkaline flooding, in-situ soap is generated by the reac-
tion of alkali agents such as sodium carbonate with acids in 
crude oil. For a reservoir to be a good candidate for alkaline 
flooding, the acid number of the crude oil should be at least 
0.5 mg/g. Crude oils with acid number greater than 0.5 mg 
KOH/g are known as acidic crudes (Ramirez-Corredores 
2017). The acid numbers of the crude oil samples were 
above 0.5 mg KOH/g, indicating acidic nature of the crudes. 
Based on the above preliminary assessment of the crudes, 
the oil field was found to be suitable for the application of 
 CO2 and ASAG flooding.

Chemical screening and formulation

The success of the SAG and ASAG process in recovering 
extra oil will depend on the use of correct chemical formula-
tions. So it is desirable to screen optimal chemical formula-
tions which will display the best foaming behavior to provide 

better mobility control during core flood experiments. The 
chemical formulations were screened based on the foam sta-
bility tests as described by previous researchers (Demin et al. 
2001a, 2001b; Simjoo et al. 2013; Bageri et al. 2014; Belhaij 
and Al-Mahdy 2015).

Foam stability test

The ability of surfactants to form strong and stable foam 
under reservoir conditions in the presence of crude oil is 
the most crucial factor that will determine its applicability 
for foam-based EOR operation. A series of foam stability 
tests were performed to select suitable surfactants and their 
optimum concentrations based on their foaming ability coef-
ficients. The effects of crude oil, alkali, and brine on foaming 
ability have also been investigated in this study.

Effect of  surfactant type and  concentration The foaming 
ability of the different surfactants was initially tested with 
distilled water without crude oil. In Fig. 2, the foaming abil-
ity coefficients of different surfactants at different concen-
trations are presented. For a given surfactant, the value of Fq 
increased up to a certain concentration and then decreased 
or remained constant. With the increase in surfactant con-
centration, the surface tension was lowered resulting in 
better foaming ability; but after a certain surfactant concen-
tration surface tension was constant so further increase in 
foaming behavior was not observed (Pu et  al. 2017). The 
concentration with the highest value of Fq was taken as its 
economical and optimum concentration limit (Demin et al. 
2001a, b; Farzaneh and Sohrabi 2015). For SDS, the opti-
mum concentration was obtained at 0.7 wt% after which 
the value of Fq decreased with increasing surfactant con-
centration. Likewise, optimum concentrations of AOS and 
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Fig. 2  Effect of surfactant type and concentration on foaming ability 
coefficient (in the absence and presence of crude oil)
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SDBS were 0.5 and 0.3 wt%, respectively. By comparing 
the highest Fq values, the surfactants were ranked in terms 
of their foaming ability as SDS > AOS > SDBS. It was noted 
that surfactants with smaller carbon number (SDS-12) have 
higher Fq value than surfactant with higher carbon number 
(SDBS-18) (Pu et al. 2017).

Effect of crude oil and its saturation The foaming ability of 
surfactants in the presence of crude oil was also depend-
ent on the nature of surfactant. In the presence of crude oil, 
both the foamability and foam stability at all concentration 
of surfactants were much lower than in the absence of oil, 
indicating that the oil phase lowered the foaming ability of 
surfactants (Simjoo et  al. 2013). But the trend of Fq ver-
sus surfactant concentration remained the same in the pres-
ence of crude oil with the same optimum concentrations as 
shown in Fig. 2. The foaming ability of the surfactants in the 
presence of crude oil was ranked as SDS > AOS > SDBS. 

Since SDS exhibited the highest Fq in the presence of crude 
oil, subsequently foaming behavior of 0.7 wt% SDS with 
varying concentration of BL and alkali was investigated to 
observe the optimum point. The foam stability of TX-100 
totally diminished in the presence of crude oil. In fact, 
TX-100 foam with crude oil decayed in less than 5  min. 
The electrostatic double-layer effect resulting from charge 
interactions at the film interface  is suppressed in nonionic 
surfactants, which was why the stability of TX-100 was very 
low (Osei-Bonsua et al. 2015).

Figure 3a shows the effect of the crude oil saturation on Fq 
values at 0.7 wt% SDS. The presence of crude oil drastically 
reduced the foaming ability of SDS even at 10% volume 
fraction of crude oil. From 10 to 30% crude oil saturation 
Fq value slightly increased, but from 30% onwards, reduc-
tion in the value of Fq was observed. In other words, 30% 
crude oil saturation was the critical point beyond which foam 
performance dropped. As the oil saturation was increased, 
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Fig. 3  Effect of a crude oil saturations, b black liquor concentration, c alkali concentration, d brine salinity on foaming ability coefficient
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oil layers accumulate at the lamellas resulting in the transfer 
of surfactant molecules from the gas–water interface to the 
oil–water interface. This weakened the foam film strength 
and together with the Marangoni effect eventually leads to 
low foam performance (Pu et al. 2017). Henceforth, the 
experiments were conducted with 30% oil saturation.

Effect of mixed surfactants The foaming behavior (in terms 
of Fq) of 0.7 wt% SDS at 30% crude oil saturation with 
varying concentration of BL is depicted in Fig. 3b. As can 
be seen, the foaming behavior of 0.7 wt% SDS improved 
with the addition of BL. The likely reason for this favora-
ble foaming behavior is the further lowering of water–oil 
IFT due to BL addition. The Vi and t1/2 for BL alone were 
found to be considerably lower than the other anionic sur-
factants, reflecting BLs poor foaming ability. But when 
combined with other surfactants the foaming ability of the 
mixed surfactant system improved compared to individual 
surfactant system due to synergism. The Fq of 0.7 wt% SDS 
was observed to be maximum at 2 wt% BL concentration. 
This 2 wt% BL concentration was taken as the optimum BL 
concentration.

Effect of alkali Na2CO3 alkaline solutions were tested with 
0.7 wt% SDS and 2 wt% BL at 30% crude oil saturation with 
the aim of improving the foaming behavior. The addition 
of alkali can significantly decrease oil–water IFT to a very 
low value which would enhance the foamability and foam 
stability. Figure  3c shows that the value of Fq was effec-
tively improved with alkali addition, and the best foaming 
behavior (with highest Fq value) was obtained at  Na2CO3 
concentration of 0.3 wt%.

Effect of salinity Finally, the foaming ability of the chemical 
formulation (0.7 wt% SDS + 2 wt% BL + 0.3 wt%  Na2CO3) 
was tested by varying brine salinity in the presence of 30% 
crude oil saturation. Brine salinities (0 to 3800 ppm NaCl) 
less than formation water salinity were tested for the opti-
mum foaming condition. The purpose of using the salinity 
in this range was to maintain negative salinity gradient dur-
ing ASAG core flood experiments. The salinity of formation 
water of the oil field was measured with Systronics Water 
Analyser Model No. 371 and was found to be 3800 ppm. As 
shown in Fig. 3d, the variation of brine salinity affects the 
foaming behavior of the formulation. The Fq increased with 
brine salinity up to 2000 ppm NaCl after which the trend 
was slightly decreasing. In the presence of NaCl, the ani-
onic surfactants are adsorbed on the lamellae more tightly 
for which the foaming ability increased with the addition of 
NaCl (Bera et al. 2013).

AS slug formulation

As seen in the last subsection, the maximum foaming behav-
ior of chemical formulations was observed at a certain opti-
mum concentration of the chemicals in the presence of crude 
oil. With this information in mind, the chemical slug formu-
lations for SAG and ASAG core flooding were designed.

Based on Fig. 2, SDS was observed to exhibit the highest 
foaming ability in the presence of crude oil, so this sur-
factant was selected for further investigation. SDS concen-
tration was chosen as 0.7 wt% since this concentration dis-
played the maximum foaming ability both in the absence and 
presence of crude oil. With a fixed 0.7 wt% SDS concentra-
tion, the concentration of the co-surfactant BL was varied 
to obtain the maximum value of Fq as shown in Fig. 3b. The 
optimum concentration of BL with 0.7 wt% SDS and in the 
presence of crude oil was 2 wt%. Likewise, with fixed 0.7 
wt% SDS and 2 wt% BL, the alkali concentration at which 
maximum Fq occurred was determined and was found to be 
0.3 wt%  Na2CO3 as in Fig. 3c.

It has been reported that best oil recovery in chemical 
floods occurs when a negative salinity gradient was imposed 
in injected fluids. A negative salinity gradient means the 
slug formulation is selected at an optimal salinity lower than 
the in situ reservoir brine salinity. The drive, which follows 
the slug, salinity is lower than the salinity of slug. With 
negative salinity gradient, the salinity in the reservoir/core 
changes from high salinity to low salinity through intermedi-
ate salinity. As a result, the benefits of high, moderate, and 
low salinities are taken during the flooding process. At high 
salinities, the oil microemulsion IFT is low while at low 
salinities the surfactant retention is low due to the phase 
behavior of surfactant/oil/brine systems. At some interme-
diate salinity, the system can have up to three phases and 
is called the Type III salinity. This salinity is the optimal 
salinity and is one of the significant parameters in surfactant 
flooding process because lowest IFT usually occurs near this 
salinity (Hirasaki et al. 1983; Lake et al. 2014). When the 
IFT decreases to the lowest, the capillary number will be 
large enough to move previously trapped oil leading to an 
increase in the oil recovery. A negative salinity gradient also 
assists foam-based EOR process by increasing foam stability 
(Srivastava 2010). Brine salinities less than formation brine 
salinity were tested with (0.7 wt% SDS + 2 wt% BL + 0.3 
wt%  Na2CO3) chemical solutions. The maximum foaming 
behavior was observed at a salinity of 2000 ppm NaCl as 
shown in Fig. 3d. Thus, 2000 ppm NaCl salinity was used in 
the chemical formulations, which was less than the salinity 
of injected brine (3800 ppm). The screened chemical slug 
formulations are presented in Table 2.
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Interfacial tension (IFT) measurements

The selected surfactants and alkali formulations at different 
concentrations were evaluated for their ability to achieve 
ultra-low IFT (less than  10−2 mN/m) with crude oil. The 
solutions were prepared with brine of 2000 ppm NaCl salin-
ity. The optimum concentrations of these surfactants and 
alkali formulations were determined based on the lowest 
value of IFT and correlated with the maximum foaming abil-
ity obtained for these formulations from the foam stability 

tests. For surfactant SDS and alkali  Na2CO3, concentrations 
ranging from 0.05 to 1 wt% were selected for determining 
the IFT values with crude oil. For BL, concentrations rang-
ing from 0.5 to 6 wt% were selected for the tests. As shown 
in Fig. 4, IFT values decreased with increasing surfactant/
alkali concentration up to a certain concentration and then 
were almost constant. The concentration with the low-
est value of IFT was taken as the optimum concentration. 
With the increase in surfactant concentration, surfactant 
molecules were adsorbed onto the oil–water interface and 

Table 2  Chemical slugs 
used during the core flood 
experiments

Tests Chemical slug Surfactant Co-surfactant Alkali Salinity 
(ppm 
NaCl)

SAG CS1 SDS (0.7 wt%) x x 2000
SsAG CS2 SDS (0.7 wt%) BL (2 wt%) x 2000
ASAG CS3 SDS (0.7 wt%) BL (2 wt%) Na2CO3(0.3 wt%) 2000
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so the IFT decreased. After a certain surfactant concentra-
tion when the interface became saturated with surfactant 
molecules, no more decrease in the value of the IFT was 
observed. With only SDS surfactant in the solution, the 
lowest IFT was obtained at 0.7 wt% concentration. This 
concentration was also the same optimum concentration 
obtained from foam stability test where maximum foam-
ing behavior was observed. Likewise, the lowest IFT for the 
compounded surfactants, SDS and BL, was obtained at 2 
wt% BL concentration when the SDS concentration was kept 
constant at 0.7 wt%. With alkali addition to the compounded 
surfactant formulation, further lowering of IFT values was 
observed, with the lowest at 0.3 wt%  Na2CO3 concentration. 
In all the cases, it was found that the concentrations with 
lowest IFT values were coincident with the concentrations 
at which maximum foaming behavior was observed. This 
behavior can be attributed to the fact that lowest IFT gives 
maximum foam stability. With the addition of BL to SDS, 
the lowest value of IFT decreased from 8.75 × 10−3 mN/m 
(with 0.7 wt% SDS alone) to 6.22 × 10−3 mN/m (with 0.7 
wt% SDS + 2 wt% BL), indicating a synergistic effect. With 
addition of alkali, the oil–water IFT further decreased to 
5.23 × 10−3 mN/m for the combined formulation (0.7 wt% 
SDS + 2 wt% BL + 0.3 wt%  Na2CO3). Each of the lowest 
oil–water IFT values was in the ultra-low IFT range (i.e., 
less than  10−2 mN/m), indicating the EOR potential of the 
selected formulations.

Figure S-1 (in Supplementary Material) shows the effect of 
salinity on oil–water IFT and foaming ability coefficient for the 

combined formulation of 0.7 wt% SDS + 2 wt% BL + 0.3 wt% 
 Na2CO3. The IFT values undergo a decrease with increased 
salinity up to around 2000 ppm NaCl, and then, a slightly 
increasing trend of IFT values was observed with further 
increase in salinity. The decrease in IFT values with salinity 
occurred due to the fact that with an increase in salinity sur-
factants are adsorbed more strongly at the oil–water interface 
causing the lowering of IFT (A-Sahhaf et al. 2005; Salehi et al. 
2017). However, at higher salinity, the coexistence of water-
in-oil microemulsion with excess water resulted in surfactant 
retention due to phase trapping because of which the IFT val-
ues had an increasing trend with an increase in salinity (Ruck-
enstein and Rao 1987). The IFT value was found to be least at 
2000 ppm NaCl and was taken as the optimal salinity following 
the relationship between phase behavior and interfacial tension 
phenomenon of surfactant flooding. From the figure, it could 
be observed that the IFT behavior was related to the foaming 
behavior for the selected formulation. The results indicated 
that the optimal salinity, where oil–water IFT is lowest, also 
corresponds to the point of maximum foaming behavior.

Core flooding

Eight core flooding experiments were performed details and 
results of which are summarized in Table 3. The cumulative 
oil recovery as a function of the injection pore volume is 
shown in Fig. 5. In the first four core flood experiments, viz. 
WAG1, SAG1, SsAG1 and ASAG1, oil recovery by conven-
tional brine flooding was near about 27% OOIP, implying 

Table 3  Summary of core flooding experiments

Expt. no. Porosity (%) Permeability (mD) Saturations (%) Experimental procedure Recovery (% 
OOIP)

Kw at Sw = 1 Ko at Swc Swc Soi Sor

WAG1 17.63 2.56 1.22 20.96 79.04 67.02 Waterflooding 24.96
CO2/brine flooding 12.03

SAG1 17.84 2.97 1.43 19.66 81.34 59.89 Waterflooding 27.63
0.7 wt% SDS/CO2 flooding 14.26

SsAG1 18.62 2.78 1.51 18.83 81.17 59 Water flooding 26.74
(2 wt% BL + 0.7 wt% SDS)/CO2 flooding 16.04

ASAG1 17.98 2.59 1.33 19.60 81.40 54.99 Waterflooding 27.18
(0.3 wt%  Na2CO3 + 2 wt% BL + 0.7 wt% SDS)/CO2 

flooding
19.83

WAG2 25.15 28.57 17.84 18.53 81.47 62.03 Waterflooding 27.63
CO2/brine flooding 6.34

SAG2 24.29 25.17 16.43 17.98 82.02 61.58 Waterflooding 28.07
0.7 wt% SDS/CO2 flooding 12.39

SsAG2 24.64 25.44 15.60 17.53 82.47 60.25 Waterflooding 29.41
(2 wt% BL + 0.7 wt% SDS)/CO2 flooding 12.74

ASAG2 25.03 29.86 18.23 17.67 82.33 55.35 Waterflooding 29.86
(0.3 wt%  Na2CO3 + 2 wt% BL + 0.7 wt% SDS)/CO2 

flooding
13.10
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that the residual oil saturations were similar for all the four 
experiments prior to tertiary oil recovery.

Effect of WAG and SAG injection

In Experiment WAG1, the oil-saturated core plug was sub-
jected to waterflooding until no more oil was produced. 
24.96% OOIP was produced after 3 PV of brine injection. 
Further, the core with residual oil saturation was flooded 
with  CO2 and brine in the immiscible WAG mode until no 
more oil was produced. Additionally, 12.03% OOIP was pro-
duced by injection of 2.5 PV of  CO2 and brine alternately. 
This increase in oil recovery was apparently due to oil swell-
ing and reduction of oil viscosity occurring when injected 
 CO2 interacted with residual crude oil. The brine association 
with  CO2 also contributed to the improvement in oil recov-
ery through better mobility control and contact of unswept 
zones. In Experiment SAG1, after waterflooding the core 
plug was alternately injected with (0.7 wt% SDS + 2000 ppm 
NaCl) chemical solution and  CO2 gas in the SAG mode. 
During the first cycle of SAG flooding, no oil recovery was 
observed as the oil bank breakthrough occurred only in the 
second SAG cycle. The additional residual oil recovery was 
14.26% OOIP after 2 PV of total fluid injection. No more 
oil production was observed after 4 SAG cycles and dur-
ing the extended chase waterflooding. The enhancement in 
oil recovery was due to the formation of foam in the core 
plug by the alternate injection of surfactant solution and  CO2 
gas. Foam propagation had resulted in improved sweep effi-
ciency displacing residual oil from parts of the core plug that 
could not be swept by  CO2/brine (WAG) injection. There 
was an improvement of 18.54% in the oil recovery by SAG 

flooding over the WAG flooding which demonstrated the 
benefits of SAG compared to WAG.

Effect of BL used as a co‑surfactant

Experiment SsAG1 involved the use of compounded sur-
factant (SDS + BL) in the chemical slug where SDS was 
used as the primary surfactant and BL as co-surfactant. 
Following waterflooding, the chemical slug consisting of 
(0.7 wt% SDS + 2 wt% BL + 2000 ppm NaCl) solution was 
injected with  CO2 gas alternately in cycles. Each cycle 
included 0.25 PV of chemical slug and 0.25 PV of  CO2 gas. 
After 4 cycles of SAG injection, no more oil was produced 
and also during extended chase waterflooding. The oil recov-
ery was 16.04% OOIP after 2 PV of total fluid injection. This 
amounts to a betterment of 12.49% in oil recovery obtained 
during SAG flooding in experiment SAG1 with single sur-
factant in the chemical slug. This higher recovery may be 
associated with BL working as a co-surfactant. Addition of 
BL had been reported to decrease IFT between oil and aque-
ous phase sufficiently to increase oil recovery from porous 
rock (Gogoi 2014). From the foam stability test done in this 
work, it has also been observed that BL has the ability to 
improve the foaming ability when mixed with another sur-
factant. With better foam performance, the residual oil in 
unswept zones was displaced leading to an improvement 
in oil recovery. Na-lignosulphonate, the main constituent 
of BL, has been known to act as sacrificial agent during 
 CO2 foam flooding process (Hong et al. 1987). Injecting BL 
with SDS had most likely reduced SDS adsorption by rock 
grains, maintaining the foaming ability of the SAG process. 
All these beneficial factors of BL addition were responsible 
for the betterment of oil recovery.

Effect of ASAG flooding

Experiment ASAG1 describes the ASAG flooding process 
where combined alkali surfactants (AS) solutions were 
alternated injected with  CO2 gas into the core plugs. After 
3.5 PV of waterflooding when no more oil was produced, 
the recovery was 27.18% OOIP. Subsequent to waterflood-
ing, the AS slug (0.3 wt%  Na2CO3 + 0.7 wt% SDS + 2 wt% 
BL + 2000 ppm NaCl) and  CO2 gas were alternately injected 
in cycles. Again each cycle included 0.25 PV of chemical 
slug and 0.25 PV of  CO2 gas. Maximum oil recovery was 
achieved after 4 cycles of ASAG injection after which no 
more oil was produced and even during extended chase 
waterflooding. The residual oil recovery by ASAG flooding 
improved to 19.83% OOIP after 2 PV of total fluid injec-
tion—a betterment of 23.63% in oil recovery compared to 
experiment SaAG1. The oil recovery by ASAG flooding had 
improved for the obvious reason of alkali addition to the 
liquid slug. It is a well-known fact that injected alkali forms 
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in-situ surfactant after reacting with crude oil which low-
ers the oil–water IFT to ultra-low values. It has also been 
found in this study that alkali improves foamability and foam 
stability of surfactant systems. Moreover, alkali also plays 
the role of a clay stabilizer reducing adsorption of foaming 
agents by reservoir rocks.

Effect of porosity–permeability variation

First four experiments (WAG1, SAG1, SsAG1, and ASAG1) 
were performed on core plugs with lower porosity–perme-
ability (17–18% and 2.5–3 mD). Another set of the same 
experiments (WAG2, SAG2, SsAG2, and ASAG2) were 
performed on core plugs from a shallower depth of the oil 
field with higher porosity–permeability (24–25% and 25–30 
mD). The purpose was to study the effect of porosity–per-
meability on WAG, SAG, and ASAG performances. From 
Table 3 and Fig. 6, it was observed that the performance of 

the WAG process declined from 12.03% recovery to 6.34% 
with an increase in porosity and permeability of the core 
plug. The plausible explanation for this negative behavior 
may be the comparatively higher mobility of the injected 
 CO2 gas passing through core plugs which were more porous 
and permeable. The higher mobility had led to the early gas 
breakthrough and consequently higher residual oil. The oil 
recovery performance of the SAG and ASAG experiments 
also dwindled with core plugs of higher porosity–permeabil-
ity as shown in Fig. 6. The residual oil recoveries for SAG 
experiments with lower and higher porosity–permeability 
values were respectively, 14.26 and 12.39% OOIP. For the 
SsAG experiments, oil recoveries were slightly higher than 
SAG experiments but still the recoveries were higher for 
the core plugs with lower porosity–permeability. For cores 
with lower values of porosity–permeability, 19.83% OOIP 
was produced during ASAG1 experiment compared to 
13.10% OOIP for more permeable cores. The stronger foam 
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formed in the less porous and permeable cores contributed 
to better mobility control leading to the efficient displace-
ment of trapped oil (Bageri et al. 2014). The reverse was 
the case with more porous and permeable rocks, so the oil 
recovery decreased during the SAG and ASAG floodings. 
Higher recoveries from less permeable cores also indicated 
the ability of ASAG flooding to flush out residual oil from 
tight zones generally untouched by conventional recovery 
methods in heterogeneous reservoirs.

Conclusions

The results of the experimental work highlighted the suc-
cessful application of the synergic combination of alkali, 
surfactant and  CO2 gas for improving recovery of medium 
gravity crudes. From the foam stability tests, it was observed 
that optimum concentrations of surfactants, alkali, crude oil, 
and salinities exist which corresponds to maximum foaming 
behavior. One interesting fact observed was the coincidence 
of the optimum concentrations with best foaming behav-
ior and lowest oil–water IFT values. The natural surfactant, 
black liquor, demonstrated good foaming and IFT behaviors 
with other anionic surfactant in the presence of crude oil. 
The core flooding experiments performed with reservoir 
rocks samples and crude oils indicated the effectiveness 
of SAG flooding over WAG injection and ASAG flooding 
over SAG flooding. The residual oil recovery efficiencies for 
WAG, SAG, and ASAG with  CO2 gas were of the order of 
12.03, 16.04, and 19.83% OOIP after conventional water-
flooding. The higher recoveries by SAG and ASAG could 
be attributed to the reduction of IFT, better mobility control 
due to foam formation, mutual mass transfer between crude 
oil and injected gas, etc. The higher recoveries from less 
porous-permeable core plugs demonstrated the EOR poten-
tial of SAG and ASAG flooding in tight sands and hetero-
geneous reservoirs.
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