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Abstract
Studies on stress sensitivity of relative permeability in the laboratory were mostly carried out by varying overburden pressure 
at constant pore pressure (PP). However, in a real oilfield situation, changes in net stress are induced by changes in PP rather 
than overburden pressure. This research presents the effect of PP variation at a confining stress of 25 MPa on water–oil and 
silica nanofluid–oil relative permeability curves. Results showed that, at low PP variations of 0.1, 2, and 5 MPa, two-phase 
flow parameters exhibited distinct trends. Thus, for water–oil relative permeability, initial water (Swi) and residual oil (Sor) 
saturations both decreased as PP increased. End-point oil Kro (Swi) and water Krw (Sor) relative permeabilities both increased 
for water flooding. Similar trends were observed for nanofluid flooding. End-point mobility ratio and displacement efficiency 
both increased with increase in PP within this range for water and nanofluid flooding. At 10 MPa PP, Swi decreased compared 
to low PP variations, while Sor increased significantly. Similar observation was made for nanofluid flooding except for Sor 
which had moderate increment. End-point mobility ratio increased significantly for water flooding, but had a slight increase 
for nanofluid flooding compared to low PP variations. Displacement efficiency decreased for both water and nanofluid flood-
ing compared to low PP variations. At the same PP, water–oil and nanofluid–oil relative permeabilities showed similar Swi 
and Kro (Swi) but differing Sor and Krw (Sor). The findings provide insights into the effect PP variation on relative permeability 
and would be important in flooding design considerations.
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Introduction

Relative permeability curves are essential in reservoir engi-
neering as they are used in numerical modeling, dynamic 
analysis, and reservoir performance predictions (Abdelazim 
2016; Akhlaghinia et al. 2014; Li et al. 2015; Parvazdavani 
et al. 2017; Shi et al. 2018; Tian et al. 2015; Zhang et al. 
2014). However, relative permeability depends on internal 
and external applied stresses. Production of hydrocarbons 
decreases pore pressure, while injection of fluids increases 
pore pressure. Therefore, in situ changes that occur during 
hydrocarbon production or pressure maintenance by fluid 
injection could have a substantial effect on reservoir perfor-
mance. Thus, accurate understanding and knowledge of the 
state of stress acting on a reservoir during the life of a field 
would eliminate errors in reservoir engineering predictions.

Almost all the previous studies (Adenutsi et al. 2018; 
Ali et al. 1987; Fatt 1953; Gawish and Al-Homadhi 2008; 
Jones et al. 2001; Thomas and Ward 1972; Wilson 1956) on 
stress sensitivity of relative permeability curves read in the 
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literature were conducted by varying confining stress, which 
simulates overburden pressure. However, in a real oilfield 
situation, changes in net stress due to hydrocarbon produc-
tion or fluid injection operations are induced by changes 
in pore pressure rather than overburden pressure. Mean-
while, Al-Quraishi and Khairy (2005) studied the effect of 
pore pressure variation at a constant overburden pressure 
of 17.3 MPa on relative permeability by the unsteady state 
method. A back pressure valve in the core flooding rig was 
used to vary pore pressures at 0.1, 3.5, 6.9, and 13.8 MPa, 
while injecting at a constant rate of 1.5 mL/min. This inves-
tigation was performed on Berea sandstones using crude oil 
and synthetic brine made of 3% NaCl. The study revealed 
a decreasing trend in oil relative permeability and minimal 
changes in water relative permeability as pore pressure was 
increased. The initial water saturation mainly decreased as 
pore pressure increased except at 13.8 MPa, but residual oil 
saturation showed a complicated trend. In addition, as pore 
pressure increased, both end-point oil and water saturations 
initially increased and subsequently decreased.

Research on the application of nanoparticles to increase 
hydrocarbon recovery is rife in literature and the mainly 
investigated nanoparticle is silica which has gained small-
scale application in real oilfields (Afolabi and Yusuf 2018; 
Cheraghian 2015; Cheraghian and Hendraningrat 2016a, b; 
Ju et al. 2002, 2012; Ju and Fan 2009; Roustaei and Bagh-
erzadeh 2015; Roustaei et al. 2013; Sun et al. 2017; Yous-
sif et al. 2018; Zallaghi et al. 2018). However, research on 
the effect of nanoparticle on relative permeability is few. 
The previous studies concluded that silicon and aluminum 
oxide-based nanofluids cause changes in relative permeabil-
ity curves due to wettability alteration (Amedi and Ahmadi 
2016; Giraldo et al. 2013; Lu et al. 2017). Parvazdavani et al. 
(2014) applied polysilicon nanofluid and observed obvious 
changes in oil relative permeability but minor change in 
water relative permeability. In a recent study, Adenutsi et al. 
(2018) studied the effect of stress on relative permeability 
by varying confining pressure at a fixed pore pressure. The 
authors concluded that, for the sample that had adsorbed 

nanoparticle prior to subsequent stress increments, the effect 
of stress was dominated by the effect of nanoparticle adsorp-
tion. However, the effect of stress took precedence over nan-
oparticle adsorption on samples that had no nanoparticle 
adsorption prior to relative permeability measurements.

While much has not been read on the study on pore pres-
sure variation on relative permeability, the available litera-
ture did not present any work on the application of nanoflu-
ids in the study of stress sensitivity of relative permeability 
curves with regards to pore pressure variation. This research 
presents findings on changes that occur on relative perme-
ability curves by varying pore pressure at constant or fixed 
overburden pressure by employing the conventional water 
and oil as well as silica nanofluid and oil as displacing fluids. 
Moreover, silica nanofluid adsorption on pore walls was also 
studied by changes in NMR  T2 distributions. Finally, the 
effect of pore pressure variation on end-point mobility ratio 
and displacement efficiency was investigated.

Experimental materials and methods

Fluids

In this investigation, kerosene (hereinafter referred to as 
oil) with density and viscosity of 0.7982 g/mL and 1.48 cp 
respectively at 25 °C was used. Deionized water with den-
sity and viscosity of 0.997 g/mL and 0.89 cp, respectively, 
was used as a displacement fluid and the base medium for 
nanoparticle dispersion.

A hydrophilic nanoparticle powder (Zhengzhou Dongyao 
Nano Materials Co. Ltd., China) with single particle size of 
7 nm, which consists of 99.9% silicon dioxide, was used in 
this study (Fig. 1a). The silica nanoparticles were dispersed 
in deionized water using a high-speed mechanical stirrer and 
later with a sonicator for 90 min to produce a nanofluid of 
0.05 wt.% (Fig. 1b). The measured density and viscosity of 
the nanofluid were 1.035 g/mL and 1.12 cp, respectively, at 
25 °C. Viscosities of fluids were measured by Brookfield 

Fig. 1  a  SiO2 nanoparticles and 
b 0.05 wt.%  SiO2 nanofluid
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DV2T Viscometer (Brookfield Ametek, USA), as shown in 
the Online Resource, Fig. S1.

Core samples and initial preparations

Consolidated, artificial core samples were acquired from 
a Key State Laboratory at the China University of Petro-
leum, Beijing. The samples were prepared using the standard 
protocols and the preferential wetting characteristics of the 
fluids as tested on a glass plate were water wet at atmos-
pheric conditions. The artificial cores were made of quartz 
sand, feldspar, and kaolinite which were reconstituted in a 
predetermined ratio by epoxy resin under pressure at room 
temperature for 12 h to obtain consolidated artificial cores.

Core permeability was controlled by increasing the ratio 
of small particles and aiding pressure. The air porosity and 
permeability were measured by KS-VI steady-state gas 
permeameter and porosimeter equipment (Jiangsu Hongbo 
Machinery Manufacturing Co. Ltd, China; Online Resource, 
Fig. S2). The properties and experiment type which they 
have been employed in are presented in Table 1.

In this work, core saturation process was done with JB-1 
vacuum saturation equipment (Jiangsu Hongbo Machinery 
Manufacturing Co. Ltd, China, Online resource, Fig. S4) 
after which a pressure cell was used to ensure 100% water 
saturation. The samples were vacuumed for 24 h and then 
saturated with deionized water for 48 h with a pore pressure 
of 20 MPa. The vacuum saturation method usually resulted 
in about 92–96% water saturation. The samples were then 
saturated in a high-pressure cell for another 48 h at 30 MPa 
pore pressure and the water saturation confirmed to be 100% 
by weight. This procedure was used for all saturations in this 
research to ensure full-sample saturation.

Initialization of irreducible water saturation 
by the centrifuge technique

Bioridge CSC-12 centrifuge (Bioridge Company, Shanghai, 
China; Online Resource. Fig. S3) was employed to measure 
air–water drainage capillary pressure curves of core sam-
ples according to standard reference SY/T 5346-2005. Core 
inlet water saturations were evaluated according to Hassler 
and Brunner (1945) and the details are presented in Online 

Resource B.1. After the centrifuge experiment, the samples 
were dried in an oven at 105 °C for 12 h.

Relative permeability measurement procedure

The schematic of the core flooding rig used in relative per-
meability measurements is presented in Fig. 2 with a picture 
of the apparatus (LDY50-180, Jiangsu Hongbo Machinery 
Manufacturing Co. Ltd, China) in Fig. S5 of the Online 
Resource. Pore pressure was kept constant by means of a 
back pressure valve incorporated in the apparatus. The fluids 
exiting the core holder were received by the back pressure 
pump operated at constant pressure receive mode, so that a 
constant back pressure is maintained. Confining pressure 
was kept at 25 MPa for all the experiments. Steady-state 
method was used in relative permeability measurements 
in accordance with experimental standard reference GB/T 
28912-2012 and details presented in Online Resource B.2. 
Capillary end effect (CEE) was corrected using the Intercept 
Method as proposed by Gupta and Maloney (2016). Effec-
tive permeabilities at a predetermined pore pressure were 
normalized by absolute permeability to water, Ka (please 
refer to Table 5), measured at the same pore pressure, to 
obtain relative permeabilities.

Relative permeability experiment types

Water–oil relative permeability measurements (Run 1)

In this investigation, core samples F-1, F-2, F-3, and F-4 
were used for 0.1, 2, 5, and 10 MPa pore pressures, respec-
tively. The displacing fluids for this batch of experiments 
were deionized water and oil. After the relative permeability 
measurements, the core samples were cleaned by alternate 
extraction with hot toluene and methanol in a Soxhlet extrac-
tor (Online Resource, Fig. S6). The core samples were dried 
and re-saturated for the next batch of relative permeability 
measurements.

Nanofluid–oil relative permeability measurements (Run 2)

In this set of experiments, silica nanofluid and oil were used 
as displacement fluids. The same core samples were used for 

Table 1  Core sample properties and type of experiment

Core sample Length (cm) Diameter (cm) Porosity (%) Initial pore vol-
ume (mL)

Klinkenberg perme-
ability (mD)

Experiment type

F-1 5.52 2.55 18.74 5.3 75.0 Run 1 and 2
F-2 5.53 2.53 18.45 5.1 72.0 Run 1 and 2
F-3 5.57 2.53 18.10 5.1 77.6 Run 1 and 2
F-4 5.52 2.54 18.04 5.0 76.6 Run 1 and 2
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their respective pore pressures as in Sect. “Water-oil relative 
permeability measurements (Run 1)”. However, deionized 
water was used in the saturation process and oil was used 
during the drainage process in flooding the core to Swi.

NMR  T2 distribution measurement

Prior to each relative permeability measurement, NMR  T2 
distribution of the samples was measured at atmospheric 
condition with SPE-RE1-050 NMR spectrometer (Beijing 
SPEC S&T Development Co. Ltd, China; Online Resource 
Fig. S7). Thus, prior to water–oil relative permeability 
measurements, NMR  T2 distributions of all the core sam-
ples were measured, while they were fully saturated with 
deionized water. These NMR  T2 distributions were called 
“Before water–oil”. Prior to nanofluid–oil relative perme-
ability, NMR  T2 distributions of all the core samples were 
measured, while they were fully saturated deionized water. 
These NMR  T2 distributions were called “Before nano-oil”. 
The “Before nano-oil” data were also used as the NMR  T2 
distributions after water–oil relative permeability and called 
“After water–oil”. This is because this NMR  T2 distribution 
measurement precedes the nanofluid–oil relative permeabil-
ity experiments, but follows that of water–oil relative per-
meability experiments. After nanofluid–oil relative perme-
ability measurements, the core samples were cleaned, dried, 
and re-saturated with deionized water, and a final NMR  T2 
distribution was measured. These were called “After nano-
oil” NMR  T2 distributions. By comparing these NMR  T2 
distribution curves, the effect of nanoparticle deposition in 
the core samples can be quantitatively evaluated. The mag-
netic field strength was 0.28 T, the resonance frequency of 
the hydrogen proton was 12 MHz, and the main NMR meas-
urement parameters included an echo spacing of 0.3 ms, 

waiting time of 1000 ms, echo numbers of 1024, scanning 
numbers of 64, and an environmental temperature of 34. 
After the measurements,  T2 distributions were computed by 
multi-exponential inversion of the echo data with 64 pre-set 
decay time logarithmically spaced from 0.01 to 10,000 ms.

Results and discussion

Establishment of initial water saturation in core 
samples

Results of core average water saturation versus inlet cap-
illary pressure are presented in Fig. 3. The inlet capillary 
pressure versus average water saturation curves were fitted 
by the least square method following a power law.

The results of experimental data curve fitting are pre-
sented in Table 2. Results of the power law curve fit showed 
strong relationship with experimental data with R2 values 
ranging between 98.59 to and 99.44%. This implied using a 
power law relationship is appropriate for the approximation 
of experimental data.

Figure 4 presents results of inlet water saturation ver-
sus inlet capillary pressure. The initial water saturation was 
chosen as the smallest water saturation that was independ-
ent of inlet capillary pressure (Table 3). The initial water 
saturations evaluated from core flooding were compared to 
that calculated from the centrifuge method to establish true 
initial water saturation in core samples.

The results revealed that the initial water saturations 
evaluated from core flooding were higher compared to the 
centrifuge method. While centrifuge experiments were 
carried out at atmospheric pressure, core flooding was 
carried out at high net effective stress. At higher stresses, 

Fig. 2  Schematic diagram of 
core flooding equipment

1- Oil Pump 2- Water/Nanofluid Pump   3- Oil Container                     4- Water Container             
5- Nanofluid Container      6- Valve                               7- Three-way Valve Mixer 8- Pressure Transducer    
9- Core Holder                  10- Hydraulic Pump            11- Computer Cable              12- Confining Pressure Gauge

13- Temperature Bath 14- Computer                       15- Back Pressure Valve       16- Fraction Collector
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pore volumes of core samples reduced (compare Tables 1, 
5) which would ideally reduce pore radius. The wetting 
phase would readjust to occupy these reduced pores. In 
this investigation, flow rate was increased during the drain-
age process of core flooding experiments until no further 
water was produced. Thus, initial water saturations evalu-
ated from core flooding represented true initial water satu-
rations of core samples.

Effect of nanoparticles on pore size distribution

A  T2 cut-off of 33 ms was used to separate small pores 
from big pores. The frequency amplitudes before and after 
the  T2 cut-off were added to determine the area which 
these amplitudes occupy, respectively. The percentage 
changes in total pore, small pore, and big pore areas are 
evaluated and presented in Table 4. The NMR  T2 distribu-
tions are presented in Fig. 5, 6, 7, and 8 for core samples 
F-1, F-2, F-3, and F-4, respectively. The morphology of 
distributions of the samples was similar. The  T2 distribu-
tions exhibited continuous bimodal characteristics in all 
the samples. The similarity in terms of morphology and 
amplitude of samples confirmed the reproducibility of the 
NMR experiments.

Overall, there had been low changes in samples flooded 
with water. The highest change being F-1, which showed 
13.54% reduction in total pore area after water–oil relative 

Fig. 3  Inlet capillary pressure 
versus average water saturation: 
a F-1, b F-2, c F-3, and d F-4
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Table 2  Empirical constants from least square power law curve fit

Core sample Empirical constants R2 (%)

C1 C2

F-1 0.0018 − 7.412 99.44
F-2 0.0027 − 6.816 99.09
F-3 0.0026 − 6.661 99.00
F-4 0.0025 − 6.772 98.59
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permeability measurement. The rest of the core samples 
exhibited less than 7% change in total pore area after 
water–oil relative permeability measurements. The relative 
low changes could be due to the inability of the cores to 
fully recover after being subjected to different stress levels. 
The conspicuous reductions in total pore area with samples 
flooded with nanofluid could, therefore, be attributed to 
the attachment of nanoparticles to pore walls in the core 
samples.

After nanoparticle flooding in all samples, reduction in 
pore area of big pores was much higher than small pores. 
This meant that nanoparticles got attached or adsorbed to 
the pore walls. In addition, because of the density difference 
between moving nanoparticles and carrying fluid, nanopar-
ticles could be retained in the pores due to gravity settling.

Another important observation was that after nanofluid 
flooding, reduction in big pore area, and in total pore area 
increased in order for samples F-1, F-2, and F-3, respec-
tively. This could probably be due to the increase in pore 
area due to increase in pore pressure as the sample was 
under stress. The increase in pore area probably allowed 
more nanofluid to flow through which got deposited on pore 
walls and throats.

Effect of pore pressure variation on water–oil 
relative permeability

Figure 9 presents the effect of pore pressure on water–oil 
relative permeability curves. For the purposes of clear expla-
nation, the ranges of pore pressures were classified into low 
pore pressures (0.1, 2, 5 MPa) and relatively high pore pres-
sure (10 MPa). At low pore pressures, the curves showed a 
consistent trend (Fig. 9a). At relatively high pore pressure, 
relative permeability displayed a distinct behavior (Fig. 9b).

In this study, as pore pressure increased (decreasing net 
effective stress) within the low pore pressure range, oil rela-
tive permeability curves (Kro) increased at constant satura-
tion, while water relative permeability curves (Krw) had min-
imal effects. As pore pressure increased, a fraction of larger 
pores probably increased which was evidenced as increase 
in pore volume (Table 5). It, therefore, became easier to 
mobilize oil out of larger pores due to decrease in capillary 
entry pressure. Wetting phase occupies relatively smaller 
pores and advances along pore walls (Anderson 1987). Thus, 
the fraction of pore size increase as pore pressure increased 
for pores responsible for water flow might not have had a 
significant change on Krw. The behavior of the relative per-
meability curves in this pore pressure variation range could 
be compared in terms of pore sizes devoid of a significant 
wettability change. This observation is inconsistent with an 
earlier study of pore pressure variation at constant confin-
ing pressure presented by Al-Quraishi and Khairy (2005). 
In their work, a decreasing Kro at the same saturation was 
observed with increased pore pressure within a similar range 
of 0.1, 3.5, and 6.9 MPa.

At relatively high pore pressure, a distinct behavior was 
observed. Kro and Krw significantly decreased and increased 
at constant saturation, respectively. This behavior was 
believed to be caused by wettability change. Increase in pore 
pressure changed the sample from water wet towards oil-wet 
conditions. Further proof of this is given in Sect. “Effect of 
pore pressure variation on end-point relative permeability 
for water-oil relative permeability curves”. Increase in fluid 
pressure increases water–oil interfacial tension (Wang and 
Gupta 1995), thereby increasing the capillary pressure in 
the fluid system. When the capillary pressure exceeds the 
critical disjoining pressure, the thin water film coating the 
grain may break exposing the oil to a direct contact with the 
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Fig. 4  Inlet water saturation versus inlet capillary pressure

Table 3  Initial water saturation from centrifuge and core flooding 
methods

Core sample Initial water saturation

Centrifuge technique Core flooding

Core average 
(experimental 
data)

Core inlet 
(approxima-
tion)

F-1 0.3682 0.3185 0.3560
F-2 0.3518 0.3002 0.3313
F-3 0.3428 0.2913 0.3168
F-4 0.3466 0.2958 0.3018
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grain surface (Chattopadhyay et al. 2002), thereby altering 
wettability. The attachment of oil to grain surfaces lowers its 
flow significantly and water flows in relatively bigger pores, 
increasing its relative permeability.

Effect of pore pressure variation on end‑point saturations 
for water–oil relative permeability curves

In this study, the initial water saturation (Swi) decreased with 
increasing pore pressure (decreasing net effective stress) for 
water–oil relative permeability (Fig. 9a, b; Table 5). At low 
pore pressures, the net effective stress on the samples would 

Table 4  Effect of nanoparticles on NMR  T2 distribution

Δ: change
a NMR  T2 distribution represents the initial pore size distribution (see Table 4)
b Negative values mean reduction in corresponding pore area, while positive values mean increment (see Table 4)

Time of NMR  T2 distribu-
tion measurement

Small pore area Big pore area Total pore area Δ in small pore 
area (%)b

*Δ in big pore 
area (%)

*Δ in total 
pore area (%)

F-1
 Before water–oila 1.8596 1.4829 3.3425 0.00 0.00 0.00
 After water–oil 1.6081 1.3357 2.9438 − 15.64 − 11.02 − 13.54
 Before nano-oil 1.6081 1.3357 2.9438 0.00 0.00 0.00
 After nano-oil 1.5114 1.0297 2.5411 − 6.40 − 29.72 − 15.85

F-2
 Before water–oila 1.6035 1.7817 3.3852 0.00 0.00 0.00
 After water–oil 1.5724 1.6754 3.2478 − 1.98 − 6.34 − 4.23
 Before nano-oil 1.5724 1.6754 3.2478 0.00 0.00 0.00
 After nano-oil 1.4364 1.2256 2.6620 − 9.47 − 36.70 − 22.01

F-3
 Before water–oila 0.6196 1.3843 2.0035 0.00 0.00 0.00
 After water–oil 0.5795 1.2989 1.8784 -6.93 -6.57 -6.69
 Before nano-oil 0.5795 1.2989 1.8784 0.00 0.00 0.00
 After nano-oil 0.5350 0.8793 1.4143 -8.305 -47.73 -32.81

F-4
 Before water–oila 0.6424 1.4107 2.0532 0.00 0.00 0.00
 After water–oil 0.6323 1.3622 1.9945 -1.59 -3.57 -2.94
 Before nano-oil 0.6323 1.3622 1.9945 0.00 0.00 0.00
 After nano-oil 0.6535 1.0430 1.6965 + 3.23 -30.60 -17.57
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Fig. 5  NMR  T2 distribution for F-1
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ideally be high, reducing pore volume, and increasing the 
fraction of smaller pores in the samples. More water would 
be held in these smaller pores by capillary forces. However, 
pore volume increased as pore pressure increased (Table 5). 
This implied some of the pores ideally enlarged. Samples 
with larger pores tend to have lower Swi, because oil easily 
accesses most of the pores and less water is needed to wet 
pore surfaces (Morgan and Gordon 1970). In addition, with 
larger pores, capillary pressure is lowered and water could 
be readily released, reducing Swi.

It was observed that residual oil saturation (Sor) decreased 
as pore pressure increased for the low pore pressure varia-
tions. However, at 10 MPa pore pressure, Sor significantly 
increased. Mobilization of residual oil out of a center of a 

pore requires that the capillary entry pressure for the local 
pore throat be lower than viscous forces (Peters 2012). At 
low pore pressures, effective stress was high and capillary 
entry pressure would be high due to smaller pore throats. 
As pore pressure increased, capillary entry pressure would 
reduce making it easier to mobilize oil. This was responsible 
for the observation made for pore pressure increment at 0.1, 
2, and 5 MPa. The high and significant increase in Sor for 
10 MPa may be due to oil-wet characteristics of the core 
sample. Thus, some of the oil was trapped in smaller pores 
by capillary forces and on the surfaces of grains.

The work presented by Al-Quraishi and Khairy (2005) 
agreed partially with some of the findings in this section. 
The authors observed a decrease in Swi at pore pressures 
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of 0.1, 3.5, and 6.9 MPa, but an increase at 13.8 MPa. Sor, 
however, showed complicated behavior.

Effect of pore pressure variation on end‑point relative 
permeability for water–oil relative permeability curves

The study revealed that, for low pore pressure increments, 
both oil end-point relative permeability [Kro (Swi)] and water 
end-point relative permeability [Krw (Sor)] increased. At 
10 MPa pore pressure, Kro(Swi) significantly reduced and 
Krw (Sor) increased to a maximum.

The reasons for the observations in Sect.  “Effect of 
pore pressure variation on water-oil relative permeability” 
for changes in Kro curves for both low and relatively high 
pore pressure variation could be attributed to the behavior 
observed for Kro (Swi) changes with pore pressure. However, 
at Sor, water flows along pore walls and in voids created 
by displaced oil (Abdallah et al. 1986; Anderson 1987). 
As pore pressure increased, more oil was produced evident 

as a corresponding reduction in Sor (Table 5). This created 
more voids for water to flow and could be responsible for the 
increase in Krw (Swi) with pore pressure at low pore pressure 
variations.

It was stated in Sect. “Effect of pore pressure variation 
on water-oil relative permeability” and “Effect of pore pres-
sure variation on end-point saturations for water-oil relative 
permeability curves” that wettability alterations could cause 
the disparity caused at 10 MPa pore pressure. The third rule 
of thumb proposed by Craig (1971) was applied to investi-
gate possible wettability changes. Therefore, Krw (Sor) was 
normalized by Kro (Swi) at all pore pressures. For 0.1, 2, 
and 5 MPa the normalized floodout Krw (Sor) were 0.1924, 
0.2238, and 0.2341, respectively. However, at 10 MPa pore 
pressure, the normalized floodout Krw (Sor) was 0.4723. 
According to Craig (1971), a floodout Krw (Sor) less than 0.3 
is water wet and that greater than 0.5 is oil wet. It is obvious 
that, following this rule of thumb, at 0.1, 2, and 5 MPa pore 
pressures, the samples were water wet and thus exhibited 

Fig. 9  Effect of pore pressure 
variation on water–oil rela-
tive permeability: a low pore 
pressure range and b low-to-
relatively high pore pressure 
variation

a

Water saturation
0.2 0.3 0.4 0.5 0.6 0.7 0.8

Re
lat

ive
 p

er
m

ea
bi

lity

0.0

0.2

0.4

0.6

0.8
Kro 20 MPa (PP=5 MPa)
Krw 20 MPa (PP=5 MPa)
Kro 23 MPa (PP=2 MPa)
Krw 23 MPa (PP=2 MPa)
Kro 24.9 MPa (PP=0.1 MPa)
Krw 24.9 MPa (PP=0.1 MPa)

b

Water saturation
0.2 0.3 0.4 0.5 0.6 0.7 0.8 0.9

Re
lat

ive
 p

er
m

ea
bi

lity

0.0

0.2

0.4

0.6

0.8 Kro 15 MPa (PP=10 MPa)
Krw 15 MPa (PP=10 MPa)
Kro 20 MPa (PP=5 MPa)
Krw 20 MPa (PP=5 MPa)
Kro 23 MPa (PP=2 MPa)
Krw 23 MPa (PP=2 MPa
Kro 24.9 MPa (PP=0.1 MPa)
Krw 24.9 MPa (PP=0.1 MPa)

Table 5  Effect of pore pressure on end-point saturations, relative permeability, mobility ratio, and displacement efficiency

Core sample Pore pres-
sure (MPa)

Swi Sor Kro (Swi) Kw (Sor) 1 − Swi − Sor M Ed Pore vol-
ume (mL)

Ka (mD)

Water–oil (Run 1)
 F-1 0.1 0.3560 0.4101 0.3890 0.0748 0.2339 0.3199 0.3632 4.62 17.5
 F-2 2 0.3313 0.3948 0.4516 0.1011 0.2739 0.3722 0.4095 4.66 21.6
 F-3 5 0.3168 0.3647 0.5357 0.1255 0.3185 0.3894 0.4662 4.80 36.9
 F-4 10 0.3018 0.4399 0.3238 0.1529 0.2583 0.7854 0.3700 4.87 32.2

Nanofluid–oil (Run 2)
 F-1 0.1 0.3487 0.3466 0.3814 0.0996 0.3047 0.3449 0.4678 4.60 19.5
 F-2 2 0.3316 0.3156 0.4497 0.1383 0.3528 0.4063 0.5278 4.64 23.6
 F-3 5 0.3097 0.2889 0.5548 0.1748 0.4014 0.4164 0.5815 4.77 34.0
 F-4 10 0.3055 0.3271 0.3292 0.1109 0.3673 0.4453 0.5290 4.87 36.6
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consistent behavior with pore pressure variation. At 10 MPa 
pore pressure, however, the sample tend to approach oil-
wet characteristics. This finding supported the explanations 
given in Sect. “Effect of pore pressure variation on water-oil 
relative permeability” and “Effect of pore pressure variation 
on end-point saturations for water-oil relative permeability 
curves”.

Effect of pore pressure variation on nanofluid–oil 
relative permeability

Similarly, for nanofluid–oil relative permeability, at low pore 
pressure range (0.1, 2, and 5 MPa), the curves displayed con-
sistent behavior, but distinct characteristics were observed 
at relatively high pore pressure of 10 MPa.

Increasing pore pressure within the low range, Kro curves 
increased significantly while Krw curves had fair increments 
at constant saturation (Fig. 10). The increment in Kro curves 
could be explained in a similar way as that for water–oil rela-
tive permeability in Sect. “Effect of pore pressure variation 
on water-oil relative permeability”. Unlike the Krw curves for 
water–oil relative permeability that did not display obvious 
changes, for nanofluid–oil relative permeability Krw curves 
showed fair increments at constant saturation. This was 
probably because more oil was displaced from the center 
of pores in the nanofluid–oil (Run 2) compared to water–oil 
(Run 1) (Run 2 has a lower Sor than Run 1 at the same pore 
pressure; see Table 5). More oil produced implied more 
voids were created for fluid flow. Wetting phase flows along 
pore walls and progressively invades larger pores (Anderson 
1987). Therefore, as pore pressure increased, pore size ide-
ally increased reducing capillary pressure which produced 
more oil and made water flow easier.

At 10 MPa pore pressure, and at higher water satura-
tion, Kro curve was a bit higher than the 0.1 MPa Kro curve. 

The Krw curves also tracked between that of 2 MPa and 
0.1 MPa pore pressure curves. This could be due to wet-
tability change. Hydrophilic silica nanoparticles have been 
established as wettability modifiers making oil-wet rocks 
water wet (Lu et al. 2017). Since the trend of Kro (Swi) was 
the same as that of water–oil relative permeability, it was 
deduced that, during the drainage process, oil might have 
made the sample tend oil wet as described in Sect. “Effect 
of pore pressure variation on water-oil relative permeabil-
ity”. However, during the imbibition process, the silica 
nanofluid might have rendered the core sample water wet.

Effect of pore pressure variation on end‑point saturations 
for nanofluid–oil relative permeability curves

The trend revealed for Swi with pore pressure was the 
same as that observed for water–oil relative permeability 
(Run1) (Figs. 10, 12a). Since determination of Swi fol-
lowed the same protocol as in Run 1, the same explanation 
as that given in Sect. “Effect of pore pressure variation on 
end-point saturations for water-oil relative permeability 
curves” could be attributed to this observation.

In addition, Sor variation for low pore pressure incre-
ment was similar to Run 1 and the same reasons given in 
Sect. “Effect of pore pressure variation on end-point satu-
rations for water-oil relative permeability curves” could be 
given to this finding. However, at 10 MPa pore pressure, 
Sor was between that of 0.1 MPa and 2 MPa. For Run 1, 
Sor was highest at this pore pressure and it was revealed 
that the wettability of the sample approached strongly oil-
wet status. However, introduction of hydrophilic silica 
nanoparticles probably changed this status to water wet 
which could be responsible for more oil production and 
reduction in Sor.

Fig. 10  Effect of pore pressure 
variation on nanofluid–oil rela-
tive permeability: a low pore 
pressure range and b low-to-
relatively high pore pressure 
variation
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Fig. 11  Comparison of water–
oil and nanofluid–oil relative 
permeability under stress: a 
10 MPa, b 5 MPa, c 2 MPa, and 
d 0.1 MPa
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Effect of pore pressure variation on end‑point relative 
permeability for nanofluid–oil relative permeability curves

Kro(Swi) had a similar trend as that for Run 1, as depicted in 
Fig. 12. Since the drainage process was the same for that of 
Run 1, similar results were expected and the same reasons 
given in Sect. “Effect of pore pressure variation on end-
point relative permeability for water-oil relative permeability 
curves” could be attributed to this behavior.

Krw (Sor) increased for low pore pressure increment, but 
decreased at 10 MPa. During the low pore pressure varia-
tion, the samples could be compared in terms of pore sizes. 
Increase in pore pressure increased pore sizes and this low-
ered capillary entry pressure, and thus, more oil was mobi-
lized out of pores. This argument was corroborated by the 
lower Sor displayed (Table 5; Fig. 10a). Therefore, there 
were more voids created for water to flow at Sor resulting 
in increase in Krw (Sor) within this pore pressure increment 
range. However, at 10 MPa, the wettability differences could 
probably be responsible for such an observation. Using the 
third rule of Craig and normalizing Krw (Sor) by Kro (Swi) 
resulted in 0.3370. Compared to that of Run 1, this value 
decreased at 10 MPa and it was as a result of the silica nano-
fluid which reduced the oil wetness close to water wetness. 
The sample could, therefore, be in mixed-wet conditions.

Comparison of water–oil and nanofluid–oil relative 
permeability

Figure 11 presents results for water–oil and nanofluid–oil 
relative permeability curves under the same pore pressure, 
while Fig. 12 presents variations in end-point relative per-
meability and end-point saturations for water–oil and nano-
fluid–oil runs.

From Fig. 11, it was observed that, at the same satura-
tion, Kro curves were higher for water–oil than nanofluid–oil. 
Thus, oil flow was higher in the nanofluid flooding than in 
water flooding. Increased recovery with silica nanofluids is 
due to reduction in interfacial tension (Torsater et al. 2012). 
This would reduce capillary entry pressure and aid in oil 
mobilization from small pores. Furthermore, structural 
disjoining pressure is increased when nanoparticles are 
employed and this helps in the spread of nanofluid on rock 
surfaces which aids in more oil production (Chengara et al. 
2004; Wasan and Nikolov 2003). This same explanation 
was also responsible for the lower Sor observed in nanofluid 
flooding as compared to water flooding (Figs. 11, 12a).

At lower but same water saturation, Krw curves were 
lower for nanofluid–oil than water–oil for all pore pressures. 
Wetting phase flows through relatively small pores (Abdal-
lah et al. 1986), and at lower saturations, nanoparticles could 
coagulate and block those pores making injection and flow 
more difficult. This would reduce Krw (Sor). However, as 

wetting phase increased, more oil was produced out of larger 
pores which created more flow paths making Krw higher at 
higher saturations. The same reason could be given for the 
significantly higher Krw (Sor) in nanofluid flooding compared 
to water flooding.

Since the drainage process was the same for both 
water–oil and nanofluid–-oil relative permeabilities, Swi and 
Kro (Swi) were similar (Fig. 12). The crossover point between 
Kro and Krw occurred at higher wetting phase saturation for 
nanofluid flooding as compared to water flooding. An impor-
tant revelation in Fig. 12 was that for 0.1, 2, and 5 MPa pore 
pressures Swi,Sor, Kro (Swi), and Krw (Sor) had similar trends as 
pore pressure increased within this range. The behavior of all 
the above parameters at 10 MPa, however, differs from the 
observations made in the low pore pressure range. In Sect. 
“Effect of pore pressure variation on end-point relative per-
meability for water-oil relative permeability curves”, it was 
revealed that the samples exhibited water-wet conditions but 
an almost strongly oil-wet condition at 10 MPa. Therefore, 
at low pore pressure range, behavior of samples could be 
compared in terms of pore size change, while, at 10 MPa, 
behavior of parameters and curves of relative permeability 
could be due to wettability change.

Effect of pore pressure on end‑point mobility ratio 
and displacement efficiency for different displacing 
fluids

Evaluation of end-point mobility ratio and displacement effi-
ciency was carried out according to equations and theories 
presented in Online Resource B.3. End-point mobility ratio 
and displacement efficiency for increasing pore pressure are 
illustrated in Fig. 13. It was revealed that end-point mobility 
ratios for all displacements were less than 1 and increased 
with increase in pore pressure. However, nanofluid flooding 
had higher end-point mobility ratio in low pore pressure 
variation range, but, at 10 MPa, mobility ratio was less than 
that of water flooding. Displacement efficiency increased in 
the low pressure pore pressure variation range, but decreased 
at 10 MPa for both water and nanofluid flooding. Moreover, 
displacement efficiency was higher in nanofluid flooding 
than water flooding for all pore pressures.

As pore pressure increased for water flooding, Krw (Sor) 
increased, and although there was increase in Kro (Swi), the 
percent changes in Kro (Swi) were lower. This increased end-
point mobility ratio in the low pore pressure range. This 
same explanation holds for nanofluid flooding for all pore 
pressures. Therefore, as pore pressure increased, water flow 
became easier compared to oil, rendering slower flow of 
oil relative to water. The abnormally high end-point mobil-
ity ratio for water flooding at 10 MPa was because of wet-
tability change that caused water to flow in bigger pores, 
while oil attached itself to grains in oil-wet circumstances. 
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Krw (Sor), thus, increased significantly. Oil flow was very 
difficult compared to water flow, making water flow faster 
relative to oil for water flooding at 10 MPa. Although viscos-
ity increased due to addition of nanoparticles, Krw (Sor) was 
higher at each pore pressure for nanofluid flooding compared 
to water flooding, making end-point mobility ratio higher 
except for 10 MPa pore pressure.

The observed trend in displacement efficiency was due 
to changes in Sor. Pore pressure increment reduced Sor for 
the low pore pressure range which had similar wettability. 
However, at 10 MPa due to significant Sor recorded in water 
flooding, displacement efficiency reduced significantly. This 
also corroborates earlier claims of wettability change. The 
higher displacement efficiency observed for nanofluid flood-
ing was as a result of lower Sor compared to water flooding. 
This implied that it was easier to produce more oil with 
nanofluid at the microscopic scale.

Conclusions

This research studied the effect of pore pressure variation at 
constant confining stress on relative permeability and two-
phase flow parameters using water and silica nanofluid as 
displacing fluids. The following conclusions can be drawn:

1. At 0.1, 2, and 5 MPa pore pressures (low pore pressure 
variation), the sample could be compared based on pore 
size variation as pore pressure increased devoid of sig-
nificant wettability change.

 (i) Swi and Sor decreased as pore pressure increased. 
Kro(Swi) and Krw(Sor) both increased for water flood-
ing. Similar trends were also observed for nanofluid 
flooding.

 (ii) End-point mobility ratio and displacement efficiency 
both increased with increase in pore pressure for 
water as well as nanofluid flooding.

2. Relatively high pore pressure (10 MPa) rendered the 
sample towards oil wetness. Comparing trends to low 
pore pressure variation, samples could be compared in 
terms of wettability alteration.

 (i) ISwi decreased compared to low pore pressure varia-
tion; however, Sor increased significantly. The same 
observation was made for nanofluid flooding except 
for Sor which had moderate increment.

 (ii) End-point mobility ratio increased significantly for 
water flooding, but had a slight increase for nanofluid 
flooding compared with low pore pressure variation. 
Displacement efficiency decreased for both water and 
nanofluid flooding compared with low pore pressure 
variation.

3. At the same pore pressure, water–oil and nanofluid–oil 
relative permeabilities showed similar Swi and Kro(Swi) 
but differing  Sor and Krw(Sor).

4. End-point mobility ratio was higher in nanofluid flood-
ing except for 10 MPa pore pressure. Displacement effi-
ciency was higher in nanofluid flooding compared to 
water flooding.
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