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Abstract
Steam-assisted gravity drainage (SAGD) is a mature technology for bitumen recovery from oil sands. However, it is an 
energy-intensive process that requires large amounts of steam to heat and mobilize bitumen. The purpose of this work is to 
develop ways to enhance SAGD performance through the use of organic base additives. The research is approached from 
three focus areas that supplement and guide each other: characterization tests, sand-pack floods, and computational simula-
tion. A number of key mechanisms for enhancing oil recovery were identified, high-temperature additive characterization 
tests were developed, and promising alkalis were tested in porous media. Simulation was employed to history-match sand-
pack flood production data, in order to demonstrate the effect of an additive on the oil–water relative permeability. Based on 
these results, it was concluded that oxygenated organic bases had the most potential for improving bitumen recovery through 
reducing the oil–water interfacial tension (IFT) by increasing the pH of the system. These organic bases favorably modify 
the interfacial energies between the immiscible oil–water phases and enable them to flow easily through the porous media 
during production. Sand-pack flood tests have successfully demonstrated a 10%–15% improvement in bitumen recovery, 
over baseline, in the presence of IFT-reducing additives. Simulation results further showed that an IFT reduction had a posi-
tive impact on SAGD performance. This work demonstrates the potential of organic bases to improve not only SAGD, but 
other steam injection processes. Furthermore, a number of experimental methods were developed, tried, and tested during 
the course of this work.
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List of symbols
krw  Water relative permeability at Sw
krow  Oil relative permeability at Sw
krwro  Water relative permeability at residual oil
krocw  Oil relative permeability at connate water
Sw  Water saturation
Swc  Connate water saturation
Sorw  Residual oil saturation in the presence of water
Zw  Water Corey exponent
Zow  Oil Corey exponent

1 Introduction

At typical oil sands reservoir temperatures (4–38 °C), bitu-
men is highly viscous and practically immobile (Dusseault 
2001). To reduce bitumen viscosity, steam is typically used 
due to its price, availability, and high heat capacity. In steam-
assisted gravity drainage (SAGD), steam is injected at high 
temperature and pressure underground into the oil sands 
reservoir through sets of horizontal wells (Butler 1994). 
The injected steam propagates in the formation and forms a 
steam chamber along the horizontal length. At the edge of 
the steam chamber, steam condenses, liberating its heat, and 
causes a reduction in the bitumen viscosity, which allows the 
oil to gravity-drain along with condensed water into produc-
tion wells. The production wells are sets of horizontal wells 
located below the steam injection wells. Figure 1 shows a 
conceptual diagram of the process.

Due to the fact that large quantities of water and natu-
ral gas are needed for steam generation and that associ-
ated unwanted  CO2 emissions are generated from SAGD 
operations, there is motivation to improve the efficiency 
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of SAGD. Since its conception, much effort had been 
expended to understand and model SAGD, while many 
innovations have been made to improve the process. 
Much research has been conducted on the use of solvents 
for heavy oils and SAGD (Haghighat and Maini 2013; 
Sie et al. 2018, 2019). Recently, however, studies done 
on non-solvent chemistries that possess potential for 
improving SAGD performance have become available. 
Oldenburg et al. (2010) studied the possibility of using 
monofunctional aromatic bases and acids to reduce bitu-
men viscosity. Babadagli et al. (2010) explored the use of 
biodiesel and fatty acid monoglycerides to increase bitu-
men recovery via in situ methods. It is hypothesized that 
the additives act like surfactants. Allenson et al. (2011) 
demonstrated that the injection of an emulsion viscos-
ity reducer into a borehole can reduce the viscosity of 
water-in-oil emulsions. Lu et al. (2014) explored the use 
of surfactants and nitrogen gas as an insulator. Finally, 
Li et al. (2015) studied the use of foam, showing through 
numerical simulations that mobility control can provide a 
more uniform steam chamber growth and reduce heat loss 
to the overburden.

Chemical additives have great potential to enhance 
bitumen recovery and can be tailored to work for SAGD, 
improving its efficiency and performance. In this work, the 
use of organic bases along with steam to improve bitumen 
recovery was studied. It is hypothesized that alkali could 
improve oil recovery in conjunction with steam at the edge 

of the steam chamber, called the condensation zone. This is 
where heated bitumen and water from the condensed steam 
flow toward the producing wells, as seen in Fig. 1.

A number of mechanisms have been identified as hav-
ing potential for improving oil recovery. These include 
reducing the bitumen viscosity, increasing pH, reducing 
oil–water IFT, and altering wettability to a more water-wet 
state. Alkali additives are assessed in terms of the efficacy 
of these mechanisms to improve oil recovery.

Bitumen viscosity reduction is a key mechanism that 
allows SAGD to work. At typical oil sands reservoir tem-
peratures, bitumen is highly viscous and practically immo-
bile. Fortunately, the viscosity of oil decreases exponentially 
with an increase in temperature (Svrcek and Mehrotra 1989). 
Traditionally, SAGD has relied on the latent heat of steam to 
decrease bitumen viscosity dramatically.

Capillary forces trap oil in pores, requiring a viscous, 
buoyancy, or gravity force high enough to move the oil. The 
capillary pressure is low overall in an oil sands reservoir; how-
ever, low permeability streaks exist. Therefore, there are high 
capillary pressure localizations on the pore scale. In addition, 
the relative permeabilities of oil and water increase as the 
oil–water IFT decreases. Amaefule and Handy (1982) have 
shown using surfactant solutions that the oil–water relative 
permeabilities increase with decreasing oil–water IFT at the 
same water saturations. In SAGD, there is very little viscous 
force driving bitumen to the production well. The process 
relies on gravity to drain bitumen along the edge of the steam 
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Fig. 1  Schematic of the SAGD process (reproduced from Ghasemi and Whitson 2015)
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chamber, where the bitumen drains along with condensed 
steam in the condensation zone. A reduction in oil–water IFT 
could decrease the capillary pressure and increase the relative 
permeability enough such that the bitumen drains across pore 
throats under the influence of gravity. Alkalis are agents that 
can be used to decrease the oil–water IFT by chemical reac-
tions with the organic acids in the oil to produce an in situ sur-
factant called natural soap (Hirasaki et al. 2011; Sheng 2015).

Lowering the oil–water IFT also promotes the formation 
of emulsions. Emulsions are dispersions of a liquid within 
another liquid (Alvarado and Marsden 1979). For example, oil-
in-water emulsion is a fluid with oil dispersed in the aqueous 
phase. By having oil dispersed in water at low IFT, the flow 
of oil is promoted due to the lack of competition between the 
oil and water phases to flow through a pore space. As alkalis 
are able to lower IFT, they can also promote the formation of 
emulsions. Oil-in-water emulsions are targeted, as they are less 
viscous than water-in-oil emulsions.

The wettability of a reservoir rock is the tendency of a fluid 
to spread over or adhere to its surface. In the case of a rock/oil/
brine system, it is a measure of the rock preference for oil or 
for water (Warner 2015). Owens and Archer (1971) showed 
that the ultimate oil recovery and oil relative permeability 
increased with increasing water-wetness in some sandstone 
cores. Similar to reducing oil–water IFT, the use of alkalis 
can shift the wettability of a rock to a more water-wet case 
(Cooke et al. 1974).

The purpose of this work is to study the potential for using 
alkaline chemicals as additives to improve the performance 
of the SAGD process for the recovery of bitumen. The pri-
mary metrics to be quantified are the ultimate recovery and 
the recovery rate of bitumen (or steam-to-oil ratio). To achieve 
this goal, a number of tasks were executed from three dif-
ferent focus areas: screening/characterization tests, sand-pack 
floods, and simulation. A number of high-temperature addi-
tive characterization tests were developed to demonstrate each 
additive’s potential to improve recovery through the discussed 
mechanisms. Promising additives from the characterization 
tests were tested in porous media through the use of sand-
pack floods with water at high temperatures, mimicking SAGD 
conditions at the condensation zone. Core-scale simulations 
were developed of the sand-pack in CMG™ STARS to con-
struct the system’s relative permeability curves through history 
matching. Comparisons between the base case and additive-
enhanced cases were made to reveal how the relative perme-
ability changes in the presence of an additive. The three focus 
areas supplement each other in building strong conclusions on 
the efficacy of promising additives for improving the SAGD 
process.

2  Materials and experimental methods

2.1  Materials

Throughout the course of the study, six additives were tested 
(Table 1). Due to the proprietary nature of the chemistry, the 
details cannot be disclosed. Additive characterization tests 
were performed on these bases, and select additives were 
chosen for sand-pack flooding experiments.

The aqueous solutions were prepared with deionized 
water at 0.5 wt% additive concentration and 1.0 wt% KCl. 
Note that even though this brine salinity is not uncommon in 
oil reservoirs (Blondes et al. 2017), it was intended to match 
specific field conditions.

The bitumen used in the sand-pack flood experiments 
was sourced from a heavy oil formation in Alberta, Canada, 
which is where SAGD is traditionally utilized. At room tem-
perature, the bitumen viscosity is around 123,000 cP. An 
experimental temperature of 150 °C was chosen to mimic 
the condensation zone. At the experimental temperature, the 
viscosity is around 19.40 cP. The density of the bitumen 
is about 1.00 g/mL at room temperature and 0.90 g/mL at 
experimental conditions. Density measurements were made 
using a high-pressure densitometer at controlled tempera-
tures in an air oven (Saryazdi et al. 2013).

2.2  Methods

2.2.1  pH measurement

Measuring the pH of aqueous solutions containing base 
allows evaluating the capacity of additives to form natural 
surfactants. As previously explained, the primary mecha-
nism by which alkali additives work is to form natural sur-
factants through increasing the aqueous solution pH (Cas-
tor et al. 1981). The measurements included using a Hanna 
Instruments Edge pH meter. The additives were heated to 
150 °C and aged for 5 weeks. After aging, the additive was 
allowed to cool to room temperature. The pH electrode was 
submerged into the aged additive solution. The pH value 
stabilized in less than a minute was recorded.

Table 1  List of chemical additives and associated chemical family

Name Chemical family and characteristic

Organic Base 1 Short-chain organic base
Organic Base 2 Long-chain organic base
Organic Base 3 Specialty organic base
Organic Base 4 Short-chain oxygenated organic base
Organic Base 5 Long-chain oxygenated organic base
Organic Base 6 Specialty oxygenated organic base
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2.2.2  Emulsion phase behavior

The purpose of the phase behavior test was to study whether 
brine and bitumen can form emulsions in the presence of a 
base by lowering the oil–water IFT. Additives that cause 
emulsions to form in an aqueous solution were considered 
attractive candidates for testing in permeable media. How-
ever, the creation of stable micro-emulsions is unwanted. 
The purpose of the additive solution is to act as a dispersant 
to create relatively unstable bitumen-in-water emulsions that 
allow for easy separation of the two phases. Therefore, addi-
tives were not only screened for the formation of emulsions, 
but also for their degree of gravity-driven phase separation. 
Furthermore, the solutions were screened for the formation 
of a gel phase, which is viscous. Gel formation is counter-
productive to the aim of using additives to help ease the flow 
of bitumen.

Additive solutions were sealed in 5-mL glass pipettes. 
The additive solution was transferred into the pipettes, and 
then bitumen was added to make a total water-to-oil ratio of 
1.5. This ratio was kept constant across all phase behavior 
experiments. The pipettes were sealed and placed inside a 
convection oven at 150 °C for 7 days. Three pipettes with 
varying salinities were prepared in this manner for each 
of the six organic bases. Potassium chloride was used to 
vary the salinity, and solutions of 0.0, 1.0, and 2.0 wt% KCl 
were prepared for each additive. Since the aqueous addi-
tive solution and bitumen interface was small, the pipettes 
were removed from the oven once per day, slowly tilted to 
promote additive–bitumen contact, and observations on the 
transient solubilizations of the aqueous and oleic phases 
were made. At the end of 7 days, the pipettes were removed 
from the oven, and pictures were taken before and immedi-
ately after tilting.

2.2.3  Wettability

Wettability alteration experiments were done using high-
temperature characterization tests in a three-phase system 
of additive solution, bitumen, and a mineral surface. The 
objective of these experiments was to test whether the 
chemical can alter the wettability of the mineral surface or 
move the contact line between the three phases (the line 
where the aqueous, bitumen, and solid phases meet) and 
thus clean bitumen off the surface. To create a clear contact 
line, slender quartz crystals, calcite crystals, and small Berea 
sandstone plugs were halfway dipped and aged in bitumen. 
Quartz crystals were used as they represent a clean silica 
surface that lacks mineral contamination. On the other 
hand, Berea plugs were used as they represent a complex 
sand system. These media provide two extremities for silica 
sand conditions. However, these minerals have low surface 
energies, and at high temperatures, bitumen may not adhere 

well to the surface. For this reason, calcite crystals were 
utilized as well due to their high surface energy (Arsalan 
et al. 2013a, b).

The following is a prototypical procedure using slender 
quartz or calcite crystals. The bottom half of each crystal 
was submerged in dewatered bitumen inside glass vials. The 
vials were capped, placed in a convection oven at 80 °C, and 
aged. The crystals were carefully pulled out of the bitumen 
vials. The crystals were then placed into high-pressure cells. 
The aqueous additive solution was then added into the cell. 
Nitrogen was bubbled through the solution to deoxygenate 
it and displace the air at the top. The cells were then sealed 
and placed inside a convection oven at 150 or 250 °C. After 
3 days, the cells were removed from the oven. The crystals 
were removed and observed.

The experimental procedure used with 1-inch-diameter 
Berea core plugs was the same except for a couple improve-
ments and modifications. These plugs were dipped halfway 
into bitumen and aged. It was found that aging for 4 days at 
room temperature before raising the temperature to 80 °C 
created a clear contact line halfway up the plug. Once the 
cells were prepared, the plugs were placed into the cell filled 
with the additive solution, with the unaged side on the bot-
tom. These cells were heated at 150 °C.

2.2.4  Enhanced oil recovery in porous media

Alkali solutions that were deemed to have high potential 
in improving bitumen recovery from the characterization 
experiments were tested in sand-pack floods. Injection solu-
tions were fed at 150 °C, and back pressure regulators were 
used to keep the injection solutions in the liquid state. The 
primary metrics to be quantified were the ultimate recovery 
and the recovery rate of bitumen.

Figure 2 shows the schematic of the sand-pack flood setup 
used. The 29.1-cm-long, 3.10-cm-diameter sand-pack core 
holder was placed in a convection oven heated to 150 °C. 
Absolute pressure transducers were connected to the inlet 
and outlet with three differential pressure transducers 
measuring pressure within three sections of the sand-pack. 
The back pressure was set at 500 psig to ensure that water 
remained in the liquid state. The injection system included 
two pumps to inject a brine solution and the additive solu-
tion separately. The injection stream included a 6-ft coil 
that was placed in the oven to ensure that the injected fluid 
would be preheated to the target temperature before entering 
the sand-pack. The outlet lines and back pressure regulators 
were placed in a water bath at 80 °C to help ease the flow of 
viscous bitumen. A fraction collector was used to collect the 
produced effluent, which was used to determine the amount 
of bitumen recovered.

Solutions were injected in the liquid state at 150 °C with 
the use of back pressure regulators, and 140–270 mesh sand 
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was used as the porous medium in these experiments. Loose, 
unconsolidated sand was used as this was more representa-
tive of an SAGD reservoir formation, compared to rock 
cores. The sand-pack porosity and absolute permeability 
were measured. The porosity of the sand-packs ranged from 
36% to 39%, while the permeability ranged from 1.9 to 3.1 
Darcy. The sand-pack was then saturated with bitumen, and 
the oil saturation was recorded. After heating to 150 °C, the 
aqueous solution was injected in a gravity-stable displace-
ment regime. A top-down strategy was also employed in a 
few core floods to demonstrate that a gravity-stable injec-
tion would yield more representative results. Injection fluid 
was either 1 wt% KCl brine, for a base case, or the additive 
solution. Comparison of the two cases allowed us to probe 
whether the additive had an effect in improving recovery. 
Injection continued until the produced effluent reached 100% 
water cut.

2.2.5  Simulation and history matching

One method to visualize a change in oil–water IFT and wet-
tability is through relative permeability curves. Relative 
permeability curves from each of the sand-pack floods were 
obtained to confirm that the presence of an additive reduces 
IFT and alters wettability, which improves the recovery of 
oil by increasing the oil relative permeability. Numerical 
simulation studies were used to extract the relevant relative 
permeability curves from each sand-pack flood. Simulation 

models were developed using CMG™ STARS that corre-
sponded with the sand-pack floods. History-matching tech-
niques were then employed to develop the corresponding 
relative permeability curves, as all other properties were 
known.

The base relative permeability curves for each model 
were constructed using the in-program generator using the 
Generalized Corey Equations, based on data from the SAGD 
Underground Testing Facility (UTF) in Alberta, Canada (Siu 
et al. 1991; Walls et al. 2003). Relative permeability param-
eters were later varied during the history-matching study 
to develop the correct relative permeability curves for each 
sand-pack flood. The oil–water permeability curves are cor-
related by the following relationships, the Generalized Corey 
Equations (Brooks and Corey 1964):

where Eq. 1 represents the water relative permeability curve 
and Eq. 2 represents the oil relative permeability curve. Both 
equations are a function of water saturation (Sw). A shift in 
the relative permeability end points (krwro, krocw, Swc, Sorw) 
demonstrates a change in wettability, while a decrease in 
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the Corey exponents (Zw, Zow) demonstrates a reduction in 
IFT, resulting in less curvature in the relative permeability 
curves.

3  Results and discussion

3.1  Effect of alkali on the pH of the aqueous phase

Every organic base was able to increase pH to around 10–12 
at only 0.2 wt% concentration after 5 weeks of aging at 
150 °C. Therefore, it can be inferred that the bases should 
be quite effective at forming in situ surfactants at high tem-
peratures, which can then lower IFT.

3.2  Effect of alkali on oil–water emulsion tendency

Table 2 shows the results of the emulsion tendency tests. 
Additive solutions were observed before and after tilting of 
the pipettes. In Table 2, E signifies that emulsions formed 
and were visible, while NE signifies no appreciable forming 
of emulsions.

No emulsions formed in the base case where no additive 
was added. All visible emulsions were oil-in-water emul-
sions and none formed a gel phase. This is significant as it 
proves the efficacy of the organic bases in forming emul-
sions to aid bitumen flow. The lack of gel formation also 
demonstrates that the organic bases succeed in their purpose 
of easing flow. The majority of organic base solutions had 
visible emulsions before tilting, except for Organic Base 2 
at 2.0 wt% KCl and Organic Base 3 at all salinities. Higher 
salinity concentrations disrupt the ability for emulsions to 
form (Wang and Alvarado 2008). However, after tilting, all 
organic base solutions had visible emulsions. Figure 3 com-
pares the base case and the Organic Base 4 solution case. 
It was observed that emulsions remained stable for longer 
in solutions containing Organic Bases 4 through 6. The 

solution was also darker for these additives. This indicates 
improved oil-in-water emulsion formation as evidenced by 
smaller oil droplets in the aqueous phase. In all pipettes, the 
two phases were able to separate over time due to the density 
differences. Therefore, no micro-emulsions formed.

Overall, all the organic bases successfully performed as 
dispersants. However, Organic Bases 4–6, the oxygenated 
organic bases, show the most promise for improving oil 
recovery in permeable media as evidenced by more robust 
oil-in-water emulsion formation, compared to the other 
organic bases.

3.3  Effect of alkali on mineral surface wettability

The results of the wettability tests using quartz crystals were 
inconclusive. Bitumen was completely peeled off the surface 
of the crystals that were aged in a 1 wt% KCl solution acting 
as the base case. No additives were present in the solution. 
This was due to the smooth topology of the quartz crystals, 
as well as their low surface energy (Arsalan et al. 2013a, b). 

Table 2  Chemical additive phase behavior at 0.5 wt% concentration and 150 °C

E emulsions visible; NE no emulsions visible

Additive Salinity, wt% KCl

0.0 1.0 2.0

Before tilting After tilting Before tilting After tilting Before tilting After tilting

No additive (base case) NE NE NE NE NE NE
Organic Base 1 E E E E E E
Organic Base 2 E E E E NE E
Organic Base 3 NE E NE E NE E
Organic Base 4 E E E E E E
Organic Base 5 E E E E E E
Organic Base 6 E E E E E E

Fig. 3  Phase behavior for no 
additive case (a) and Organic 
Base 4 (b)
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Even after aging in bitumen for 2 months, the crystals were 
completely cleaned after heating in the base-case solution. 
The degree of cleaning is seen in Fig. 4. It is safe to assume 
that additive solutions would also completely peel bitumen 
off the surface. Creating a contact line using pure quartz 
crystals would not work, so sandstone plugs and calcite crys-
tals were used instead.

For experiments involving the Berea sandstone plugs, 
several organic bases were tested for their ability to move 
the contact line or to peel off significant amounts of bitu-
men. Organic Bases 1, 2, 4, and 5 were chosen for these 
experiments. In each of the additive cases, neither significant 
movement of the contact line nor significant peeling of bitu-
men was observed. In all of the cases (Fig. 5), these Berea 
core plugs did not show that the additives tested move the 
macroscopic contact line downwards appreciably, and no 
shown signs of significant bitumen removal from the surface 
of the plugs appeared.

The calcite crystals were a more effective material in test-
ing the ability of an additive to peel bitumen from its sur-
face. As a base case, the calcite crystals were heated in the 
presence of 1 wt% KCl for 3 days at 150 and 250 °C. Bead-
ing up of bitumen droplets and a partial removal of bitumen 

from the surface at both temperatures were observed. Unlike 
the quartz crystals, the bitumen was not completely peeled 
off from the surface of the calcite mineral, even after heat-
ing at 250 °C. The calcite surfaces were much more oil-wet 
than those of quartz, enabling some bitumen to remain. Suc-
cessful additives should remove significantly more bitumen 
from the surface than the base solution. However, the use 
of organic base shows that the degree of bitumen removal 
and contact line movement were not more significant than 
the base case. Figure 6 shows similar degrees of cleaning 
between the base case and Organic Bases 4 and 5. The effect 
of hydrophobicity of organic bases (Organic Bases 3 and 
6) was tested as well. Again, bitumen removal and contact 
movement were not more significant compared to the base 
case.

Overall, the additives were not as successful at wetta-
bility alteration and contact line movement as compared to 
oil–water interfacial tension reduction. The use of quartz 
crystals was unsuccessful, as bitumen was completely 
cleaned off the surface, even without an additive. Experi-
ments using sandstone plugs and calcite demonstrated that 
the organic bases could not alter wettability. Based on the 
results, it can be hypothesized that wettability might not play 

Before heating After heating

Aged for
6 days in
bitumen at
80 °C before
heating.

Aged for
2 months in
bitumen at
80 °C before
heating.

Fig. 4  Quartz crystals aged in 
bitumen heated in 1 wt% KCl 
for 3 days at 250 °C
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a critical role in enhancing bitumen recovery using the tested 
organic bases.

3.4  Effect of alkali on oil recovery

Four sand-pack core floods were conducted. Organic Base 
4 through 6 showed the strongest formation of oil-in-water 
emulsions, as evidenced by darker and more stable emul-
sions. Organic Base 4 was chosen as the test additive, as it 
showed the best results in terms of natural surfactant and 
emulsion formation. The first two core floods used a top-
down injection strategy to mimic the downward flow of hot 
water and bitumen in the condensation zone toward a pro-
ducer in SAGD operations. However, it was hypothesized 
that due to density contrasts between water and bitumen, 
these floods would not yield accurate results due to poor 
displacement. These core floods were conducted to dem-
onstrate the need for more displacement stability control in 
experiments to test additives. To better determine the effect 
of an additive, the next two core floods employed a gravity-
stable injection strategy, injecting from the bottom of the 
sand-pack to the top.

Sand-pack Flood 1 was injected with an additive solution 
containing 0.5 wt% Organic Base 4 in 1 wt% KCl brine. 
Sand-pack Flood 2 was a base case, with 1 wt% KCl brine as 
the injection fluid. Sand-pack Flood 3 contained a 0.5 wt% 
Organic Base 4 solution with the same brine, while Sand-
pack Flood 4 was a repeat base case with the new injec-
tion strategy. Table 3 provides details for all four sand-pack 
floods. The sand-pack permeabilities are within the typical 
Canadian oil sands’ range of 0.5–5 D (Dusseault 2001). An 
injection rate of 2 PV/day was selected.

Figure 7 shows recovery curves and oil cut for Sand-pack 
Floods 1 and 2, with ER as recovery efficiency in mass frac-
tion of original oil in place (OOIP). Figure 7 shows that the 
recovery was slightly better when using the organic base, 
with an increase in recovery starting at four pore volumes 
(PV). At 14 injected pore volumes, Flood 1 recovered about 
3% more oil. Flood 1 produced 60.9% of the bitumen, while 
Flood 2 produced 58.0%. Since the sand-packs are relatively 
homogeneous, the comparison between Sand-pack Floods 1 
and 2 should not suffer from difference in pore structures. 
Therefore, although the recovery improvement was modest, 
it was concluded that Organic Base 4 was able to improve 

Before heating After heating

0.5 wt%
organic
alkali 1 and
1 wt%
KCl.

0.5 wt%
organic
alkali 2 and
1 wt%
KCl.

0.5 wt%
organic
alkali 4 and
1 wt%
KCl.

0.5 wt%
organic
alkali 5 and
1 wt%
KCl.

Fig. 5  Berea plugs aged in 
bitumen heated in various 
organic base solutions for 
3 days at 150 °C
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Before heating After heating

Before heating After heating

Heated at
150 °C in
1 wt% KCl
for 3 days

0.5 wt%
organic alkali
4 and 1 wt%
KCl

0.5 wt%
organic alkali
5 and 1 wt%
KCl

Fig. 6  Calcite crystals aged 
in bitumen heated in various 
organic base solutions for 
3 days at 150 °C

Table 3  Sand-pack flood 
parameters

Flood Porosity Absolute per-
meability, D

Original oil in 
place (OOIP), g

Injection fluid Injection direction Injection 
rate, mL/
min

Flood 1 0.36 2.6 73 0.5 wt% 
Organic 
Base 4 and 1 
wt% KCl

Top to bottom 0.1108

Flood 2 0.38 2.3 75 1 wt% KCl Top to bottom 0.1147
Flood 3 0.39 3.1 72 0.5 wt% 

Organic 
Base 4 and 1 
wt% KCl

Bottom to top 0.1203

Flood 4 0.39 1.9 72 1 wt% KCl Bottom to top 0.1177
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bitumen recovery and oil rate. However, as seen in the figure, 
the oil cut was relatively low throughout the experiments. As 
expected, early water breakthrough was observed for both 
floods. This was due to the density and viscosity contrast of 
bitumen and water, as well as the lowered IFT. Despite being 
low, the density contrast caused bitumen to preferentially 
flow upward and water downward. The contrast in viscosity 
allowed the aqueous solution to easily finger through toward 
the outlet. At 150 °C, the viscosity of the bitumen is 19.40 
cP, while water’s is 0.18 cP. This was further promoted by 
the low IFT, as the aqueous phase was able to disperse the 
bitumen. For this reason, this pair of sand-pack floods did 
not sweep the core efficiently. These resulted in a limited 
effect of the injected additive. 

Another set of sand-pack flood experiments were con-
ducted using a gravity-stable injection regime. This was 
done by switching the injection and producing line, so 
that fluid would be injected from the bottom and produced 
from the top. This was to minimize viscous fingering and 
to mimic a gravity-stable process, which would displace 
bitumen more effectively. The results of the second pair of 
sand-pack floods were more successful than the previous 
pair in demonstrating the effect of oxygenated organic bases 
on bitumen recovery.

Organic Base 4 was used in Flood 3, while Flood 4 was a 
re-run of the brine-only injection of Flood 2. Additive solu-
tion concentrations and injection rate were kept the same. 
The properties of the two floods were similar, except for 
permeability. The permeability in Flood 4 was much lower 
than in Flood 3, so a lower recovery is expected. To better 
determine the effect of Organic Base 4, changes in the rela-
tive permeability curves are analyzed after history matching.

Figure 8 shows recovery curves for Sand-pack Floods 
3 and 4. Figure 8 confirms that the recovery is greater 
when using the additive. At 14 pore volumes, the recovery 

is 11% greater in the additive-enhanced Flood 3 than in 
Flood 4. Flood 3 had a recovery of 77.6%, while Flood 4 
had a recovery of 66.6%. The improved recovery started to 
occur at one pore volume. Therefore, it can be concluded 
that the recovery was significantly improved by the pres-
ence of Organic Base 4, despite the difference in perme-
ability. By comparing the recoveries of all four floods, it 
can be determined that the bottom-to-top injection strategy 
greatly improved the performance of the sand-pack flood 
tests. Furthermore, this improvement can be observed in 
the oil cut, which shows initial values of 100%. The con-
trast between the results of the experiments is due to the 
lack of viscous forces and density contrast playing a role, 
which allows better interaction between the chosen addi-
tive and the bitumen.

3.5  Simulation and history matching

Through the use of the history-matching technique, the 
matched parameters were used to plot the relative per-
meability curves for each sand-pack flood. The organic 
base-enhanced flood is compared to the base-case flood 
to determine the effect of alkali on increasing oil relative 
permeability due primarily to oil–water IFT reduction. 
A decrease in the curvature of the relative permeability 
curves would demonstrate a reduction in IFT.

Figure 9 shows the relative permeability curves for 
Sand-pack Floods 3 and 4. The organic base-enhanced 
case is shown in the dashed line. As can be seen in Fig. 9, 
there was a decrease in the curvature, which suggests that 
the oxygenated organic base was successful in increas-
ing oil relative permeability and decreasing water rela-
tive permeability. Table 4 lists the matched parameters 
for this study. As seen from the parameters, the Corey 
exponents, Zw and Zow, decrease from Flood 4 to Flood 3, 
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which signifies a decrease in IFT. It can be concluded that 
the additive has a positive effect on relative permeability 
alteration and, thus, oil recovery.

4  Conclusions

The purpose of this work was to study the potential of 
using organic bases to improve the performance of SAGD. 
A suite of high-temperature additive characterization tests 

was developed and executed. Several promising additives 
were selected to test in sand-pack floods to determine 
recovery potential in porous media on the laboratory scale. 
The following conclusions were drawn:

1. Organic bases have potential to improve bitumen recov-
ery in SAGD. The use of organic bases to increase solu-
tion pH at low concentrations in order to generate natu-
ral surfactant at high temperatures was demonstrated.

2. For the additives tested, the oxygenated organic bases 
demonstrated the most potential for an enhanced recov-
ery of bitumen. The oxygenated organic bases were suc-
cessful in forming robust oil-in-water emulsions with no 
gel phase. The results indicate the additive efficacy in 
reducing the oil–water interfacial tension.

3. Sand-pack flood experiments demonstrated the effect of 
oxygenated organic bases on improving bitumen recov-
ery at 150 °C. There was around an 11% increase in 
recovery after 14 injected pore volumes when an addi-
tive was used in the injected fluid.

4. The relative permeability curves extracted from the 
experiments verified that the organic base was able to 
alter interfacial tension to favor oil recovery.

5. The study demonstrated the effectiveness of the designed 
experiments to screen additives and understand mecha-
nisms. While tests for emulsion tendency were consoli-
dated and successful, wettability alteration tests revealed 
the limitations of using quartz at elevated temperatures, 
as well as the limitations of bases to alter the wettability 
of higher surface energy minerals such as those in the 
Berea sandstone and calcite.
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Table 4  History-matched Corey parameters for Sand-pack Floods 3 and 4

Flood krw at residual 
oil krwro

kro at connate 
water krocw

Connate water saturation 
Swc* (laboratory value)

Residual oil satu-
ration, Sorw

Water Corey 
exponent Zw

Oil Corey expo-
nent Zow

Error, %

Flood 3 0.480 0.975 0.110 0.065 2.0 1.7 1.20
Flood 4 0.565 0.845 0.094 0.130 2.2 1.8 1.75
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6. Sand-pack flood experiments confirmed that controlled 
and systematic studies are needed for additive testing 
purposes. Despite the top-down flow of SAGD in the 
field, conducting experiments with a gravity-stable 
injection strategy is more successful due to the effect of 
density and gravity.

Future work would be to study the efficacy of organic 
bases in actual steam floods, rather than in hot water. This 
would include studying the transport of additives in steam 
and vapor at temperatures higher than 150 °C. The results 
of this work open new possibilities for utilizing organic 
bases for not only SAGD operations, but all steam flooding 
techniques.
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